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Preface

Rising concerns about energy costs and security, as well as about greenhouse-gas (GHG) emis-
sions from use of petroleum-based motor fuels, have stimulated a number of public and pri-
vate efforts worldwide to develop and commercially implement alternatives to petroleum-based 
fuels. Commonly considered fuel options for the medium term (roughly 10–20 years) include 
both biomass-based fuels (e.g., ethanol, biodiesel) and unconventional fossil-based liquid fuels 
derived from such sources as heavy oils, oil sands, coal liquefaction, and oil shale.

This report assesses potential future production levels, production costs, GHG emissions, 
and environmental implications of unconventional fossil-based motor fuels derived from oil 
sands and coal. The study was sponsored by the National Commission on Energy Policy as 
part of a larger body of sponsored research to investigate the portfolio of options needed to 
address cost, energy-security, and GHG concerns about motor fuels. The report is intended 
to be of use to policy analysts and decisionmakers concerned with each of these aspects of 
motor fuels, as well as to the general public that will confront the economic and environmental 
implications of different policy choices in this arena.

This study builds on earlier RAND Corporation studies on natural resources and energy 
development in the United States. Most relevant are the following:

Producing Liquid Fuels from Coal: Prospects and Policy Issues (Bartis, Camm, and Ortiz, 
forthcoming)
Oil Shale Development in the United States: Prospects and Policy Issues (Bartis, LaTourrette, 
et al., 2005)
Understanding Cost Growth and Performance Shortfalls in Pioneer Process Plants (Merrow, 
Phillips, and Myers, 1981).

The RAND Environment, Energy, and Economic Development Program

This research was conducted under the auspices of the Environment, Energy, and Economic 
Development Program (EEED) within RAND Infrastructure, Safety, and Environment (ISE). 
The mission of ISE is to improve the development, operation, use, and protection of soci-
ety’s essential physical assets and natural resources and to enhance the related social assets 
of safety and security of individuals in transit and in their workplaces and communities. The 
EEED research portfolio addresses environmental quality and regulation, energy resources and 
systems, water resources and systems, climate, natural hazards and disasters, and economic 
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development—both domestically and internationally. EEED research is conducted for govern-
ment, foundations, and the private sector.

Questions or comments about this report should be sent to the project leader, David Ortiz 
(David_Ortiz@rand.org). Information about EEED is available online (http://www.rand.org/
ise/environ). Inquiries about EEED projects should be sent to the following address:

Debra Knopman, Director, ISE
Environment, Energy, and Economic Development Program, ISE
RAND Corporation
1200 South Hayes Street
Arlington, VA 22202-5050
703-413-1100, x5667
Debra_Knopman@rand.org

mailto:David_Ortiz@rand.org
http://www.rand.org/ise/environ
http://www.rand.org/ise/environ
mailto:Debra_Knopman@rand.org
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Summary

Background

Both the price of petroleum motor fuels and concerns regarding emissions of carbon dioxide 
(CO2) are driving attention to possible substitutes. In 2008, the world price of oil reached 
record highs after being adjusted for inflation, continuing a pattern of price increases over sev-
eral years. Petroleum products derived from conventional crude oil constitute more than 50 
percent of end-use energy deliveries in the United States and more than 95 percent of all energy 
used in the U.S. transportation sector. Emissions from the consumption of petroleum account 
for 44 percent of the nation’s CO2 emissions, with approximately 33 percent of national CO2 
emissions resulting from transportation-fuel use (EIA, 2007a). Commonly considered alterna-
tive transportation-fuel options for the near and medium terms (roughly 10–20 years) include 
both biomass-based fuels (e.g., ethanol, biodiesel) and unconventional fossil-based liquid fuels 
derived from such sources as heavy oils, oil sands, oil shale, and coal liquefaction.

In this report, RAND researchers assess the potential future production levels, produc-
tion costs, greenhouse gases (GHGs), and other environmental implications of synthetic crude 
oil (SCO) produced from oil sands and transportation fuels produced via coal liquefaction 
(often referred to as coal-to-liquids [CTL]). Production of liquid fuels from a combination of 
coal and biomass is also considered. Although oil shale is also an important potential uncon-
ventional fossil resource, we do not address it in this report because fundamental uncertainty 
remains about the technology that could ultimately be used for large-scale extraction, as well 
as about its cost and environmental implications. The omission from this report of renewable 
fuel options and other propulsion technologies should not be interpreted as a conclusion that 
the fossil-based options are superior to others.1

Policy Context

Concerns about high oil prices reflect not only the hardships endured by many energy users 
but also the large transfer of national wealth to foreign oil producers (particularly members of 
the Organization of the Petroleum Exporting Countries [OPEC]) that are widely perceived to 
elevate prices above competitive market levels by restricting output. Such artificially elevated 
oil prices provide a rationale for policy intervention to support the production of alternative 
fuels, because increased competition from alternative sources limits petroleum exporters’ abil-

1 For further information about renewable options, see Toman, Griffin, and Lempert (2008); Bartis, LaTourrette, et al. 
(2005) provided a detailed analysis of oil shale.
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ity to influence the market. In addition, sudden oil-price spikes are widely seen to have adverse 
effects on national employment and output levels. Alternative fuels may reduce the instability 
of oil prices by lowering the potential size and likelihood of sudden reductions in crude-oil 
supply. However, the magnitude of the effect on short-term market instability is likely to be 
small so long as the alternative fuels make up only a relatively small increment in world fuel 
production. Accordingly, we focus in this report on the longer-term price effects.

There also are increasing concerns about the adverse impacts of climate change from 
rising global emissions of GHGs. CO2 is the most important GHG in terms of total volume 
and impact on the climate, and most CO2 emissions result from fossil-fuel use. According 
to the Intergovernmental Panel on Climate Change (IPCC, 2007), increased accumulation 
of CO2 and other heat-trapping gases in the earth’s atmosphere is likely (albeit with varying 
degrees of quantitative uncertainty) to change the climate in a variety of ways, with a variety 
of adverse effects. While the U.S. share of global emissions (currently about one-quarter) will 
decline as energy use in the developing world continues to grow rapidly over the next few 
decades, the Energy Information Administration (EIA) projects that U.S. emissions will rise 
by about one-third between 2007 and 2030, with emissions from transportation maintaining 
their roughly one-third share of this larger total (EIA, 2007a).

Within this broader context of concern for energy cost and security and CO2 emissions, 
the possibility for increasing use of liquid fuels derived from oil sands and coal raises several 
specific questions. One set of questions concerns the potential production volumes of these 
alternative fuels (since this will affect the size of benefits from increased competition with 
crude oil) and the potential production costs of these fuels (since this will influence their com-
petitiveness in the market and thus their ability to provide such competition for conventional 
crude oil–based products). Another set of questions concerns the potential life-cycle emissions 
of CO2 from these substitutes relative to conventional fuels and the relative costs of mitigat-
ing increased emissions from transportation fuels. These sets of economic and environmental 
questions are linked by the fact that the future unit costs of alternative fuels in the market will 
depend on advances in their technologies and the costs of addressing their CO2 emissions; the 
competitiveness of the alternative fuels will depend on the potential future price of crude oil 
and the cost of addressing CO2 emissions from conventional fuels.

Technical Approach

For both SCO and CTL, we provide a bottom-up assessment of potential future production, 
potential costs, and potential environmental and other barriers to capacity expansion. The 
environmental barriers addressed include CO2 emissions and more local and regional concerns 
related to water and land. Our primary focus is on the longer term, although we also discuss 
the issues that arise in ramping up capacity over the intervening period. Production of SCO 
is already occurring on a significant scale in Canada, using several technologies. CTL, on the 
other hand, is produced only to a limited extent on a commercial scale in South Africa, so 
its analysis is based on studies of how modern technology might perform if deployed in the 
United States. In addition, we discuss the use of capture and geological storage of CO2 emis-
sions resulting from the production of the two alternative energy sources. Carbon capture and 
storage (CCS) consists of separating out CO2 emissions then transporting them to sites where 
they can be injected deep underground for long-term storage. The added cost of CCS is the 
cost, including return on investment, for capture, transportation, and storage.
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We then investigate how three key drivers influence the future cost-competitiveness of 
fuels from SCO and CTL relative to fuels from conventional crude oil:

the future price of crude oil
changes in the unit production costs of the unconventional fossil-based fuels induced by 
further technical advances and experience in their production
the implications of potential constraints on CO2 emissions for the unit production costs 
of both conventional and unconventional fossil-based fuels.

The future course of each unit-cost driver is uncertain, so we compare the fuels under 
a number of plausible scenarios to represent the key uncertainties. EIA’s 2007 Annual Energy 
Outlook (AEO) (EIA, 2007a, Table 12) has a reference-case price of light sweet crude oil in 
2025 of about $56/barrel (bbl) (in 2005 dollars), while the high-oil-price case reflects a 2025 
price of about $94/bbl. (The low-price case is about $35/bbl.) The costs of production of the 
technologies also are uncertain. For oil sands, new extraction technologies are being brought 
forward whose future costs are uncertain. For coal liquefaction, there is not yet experience with 
modern plant designs implemented on a larger scale. Finally, we consider ranges of CCS costs 
and potential costs of fuel supply from future regulations to limit CO2 emissions.

It is difficult to estimate future production costs for unconventional fuels. There is often 
a bias toward underestimating costs and overestimating performance of new fuel-production 
facilities and their operations. Since facilities that upgrade and refine bitumen from oil sands 
or produce CTL require significant levels of investment, the average cost of producing a unit 
of product over the facility’s lifetime is sensitive to a number of assumptions regarding the time 
to construct the facility, the mixture of capital and debt used to finance the construction, the 
costs of the feedstocks, and the successful start-up and long-term capacity factor of the facil-
ity. All of these parameters are uncertain and difficult or impossible to accurately predict early 
in the planning process. We attempt to account for some of this uncertainty by providing 
ranges of cost estimates for recovering bitumen from oil sands and for coal liquefaction. There 
are opportunities for significant improvements in production costs as experience is gained. A 
first-of-a-kind plant may be subject to significant cost overruns and poor performance, but 
subsequent plants may resolve these issues and perform significantly better. Taking these con-
siderations into account, for the year of interest (2025), we derived low and high cost estimates 
for the production of SCO and CTL.

To account for how costs associated with limiting CO2 emissions may affect SCO and 
CTL competitiveness with respect to conventional petroleum or fuels, we incorporate a com-
plete life-cycle-emission analysis of each fuel. Life-cycle emissions are those associated directly 
and indirectly with primary production of feedstock, processing, transporting, and, ultimately, 
the use of the end product, including gasoline, diesel fuel, or close unconventional substitutes 
for these.

We address the impacts of potential limits on CO2 cost-competitiveness in two ways. In 
scenarios in which we assume that CCS does not occur, the cost of CO2 emissions is a measure 
of the increased cost of supplying and using each fuel due to future regulatory constraints on 
CO2 emissions from production and final use of the fuel. The life-cycle emissions per unit of 
fuel times the cost of CO2 emissions released to the atmosphere is added to our estimated pro-
duction cost of fuel, to arrive at a cost that includes the effects of CO2-emission constraints. In 
no-CCS scenarios, we can highlight the sensitivity of cost-competitiveness to production costs, 
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and we establish a basis for evaluating the potential competitiveness of CCS investment. When 
CCS is an option, the added cost associated with potential future CO2 constraints is the cost 
per unit of CO2 captured and stored times the quantity of stored CO2 plus the cost of CO2 
emissions (described earlier) applied to noncaptured emissions. Fuel producers will apply CCS 
when its unit cost is less than the cost of CO2 emissions released to the atmosphere.

Key Findings

Basic production costs for SCO are likely to be cost-competitive with conventional petro-
leum fuels. Production of SCO already is a relatively mature technology, though new processes 
are being developed to make use of deeper formations. Taking into account both uncertain-
ties that may lead to higher costs than estimated and cost improvements due to learning, and 
leaving aside for the moment the potential cost of CO2 emissions, we find that SCO is cost-
competitive with conventional petroleum unless future oil prices are well below EIA’s 2007 
reference-case scenario for 2025.

While basic production costs for CTL also appear to be competitive with conventional 
petroleum fuels across a range of crude-oil prices, CTL competitiveness is more sensitive to 
technology costs and to oil prices. In the absence of a CO2-emission cost, CTL fuels appear to 
be competitive with conventional petroleum fuels if oil prices are above the EIA 2007 reference-
case price in 2025. However, if CTL turns out to be more costly than anticipated or oil prices 
in the longer term are lower than this reference price, CTL may not be cost-competitive even 
without a CO2-emission cost.

Higher oil prices or significant energy-security premiums increase the economic desir-
ability of SCO and CTL. If longer-term oil prices are high or future energy-security policy 
attaches a high premium to the market price of crude oil to account for energy-security costs, 
then investment in both SCO and CTL production will be correspondingly more favorable. In 
particular, the range of CO2-emission costs over which CTL without CCS is still economically 
attractive relative to conventional diesel will increase, and the economics of CTL with CCS 
can look attractive relative to conventional petroleum even if CCS turns out to be relatively 
costly. On the other hand, if oil prices end up being relatively low over the longer term, then 
CTL is less competitive than petroleum, even with a low CO2-emission cost.

Even with future policy constraints on CO2 emissions and their associated costs, SCO 
seems likely to be cost-competitive with conventional petroleum; the main potential con-
straint on SCO production is its local and regional impacts. SCO is only about 15–20 percent 
more CO2-intensive on a life-cycle basis than conventional crude, even without CCS, and has 
essentially the same CO2 intensity with CCS. Therefore, its potential cost advantages relative 
to future oil prices are maintained over a wide range of potential CO2 emission–control costs. 
For oil sands, the prominent limiting factors appear to be the high water usage that would 
accompany a major scaling up of SCO production, attendant concerns about water quality, 
other environmental impacts and socioeconomic constraints, and (to a lesser extent) the avail-
ability of natural gas for bitumen extraction and upgrading.

The cost-competitiveness of CTL is more dependent than that of SCO on the costs of CO2 
emissions and CCS. If CCS can be deployed on a large scale and at a relatively low cost, then 
CTL with CCS appears to be economically competitive over a wide range of conventional-fuel 
prices and CO2-emission costs. The picture would change only if long-term oil prices were sig-
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nificantly lower than the 2007 EIA reference-case value. However, if CCS and CTL costs end 
up being relatively high, then CTL is cost-competitive with conventional fuels at EIA’s high 
price for 2025, but not at the reference-case price. Other constraints on CTL production could 
include environmental concerns associated with increased coal mining and the availability of 
water for CTL plant processes.

Unconventional fossil fuels do not, in themselves, offer a path to greatly reduced CO2 
emissions, though there are additional possibilities for limiting emissions. Fuels derived from 
oil sands and CTL emit fossil-based CO2 during combustion, just as conventional petroleum 
products do. Thus, even when employing CCS to capture and store CO2 emitted during fuel 
production, life-cycle emissions of CO2 for these alternative fuels are comparable to those of 
conventional fuels. Large-scale production of these unconventional fuels does not reduce emis-
sions of CO2. Reliance on liquefaction of a mixture of coal and biomass along with CCS does 
have the potential to achieve greatly reduced life-cycle emissions, but potential production of 
such fuels would be limited by the availability and cost of the biomass feedstock and the poten-
tial availability and cost of CCS.

Relationships among the uncertainties surrounding oil prices, energy security, CCS 
costs, and CO2-control stringency have important policy and investment implications for 
CTL. Our analysis indicates that investment in CCS for CTL can be a very robust under taking 
if CCS can be realized at an adequately large scale, if CTL and CCS costs are in the lower 
part of the range of costs that we have considered, and if future oil prices do not fall below 
reference-case levels. If CTL and CCS costs are higher, however, CCS’s value to the CTL sup-
plier as a hedge against the cost of future CO2 controls is positive only with higher long-term 
(not just near-term) oil prices.

From a societal perspective, it is desirable to reduce the need for rapid and costly CO2-
emission reductions through implementing a less abrupt approach to CO2 limits. It is also 
desirable to take actions that increase the availability of cost-effective alternatives to conven-
tional petroleum. If nearer-term concerns about energy security lead to emphasis on rapid 
CTL investments while CO2-control requirements are delayed or kept minimal, then energy-
security and climate-protection objectives are brought into conflict.

Neither CTL investors nor policymakers have many options for reducing long-term oil-
price uncertainty. As noted, moreover, there is a risk to the economic value of CTL investment 
just from the possibility of relatively low long-term prices. On the other hand, policymakers do 
have options for reducing the uncertainties surrounding CTL and CCS costs. There is a large 
benefit from government financing for continued research and development (R&D) for CCS 
and initial CCS investments at a commercial operating scale to further assess the technical and 
economic characteristics of CCS. This analysis parallels the argument in Bartis, Camm, and 
Ortiz (forthcoming) for active but limited public-sector support for informative initial-scale 
investment in modern CTL facilities. Conversely, it may be very beneficial socially to delay a 
significant ramp-up in CTL production until the uncertainties surrounding CCS technology 
and CTL-production costs can be reduced. These observations reflect the importance of the 
argument of the National Commission on Energy Policy (NCEP) (2004) for a broad portfolio 
of technology-development initiatives and a variety of policy instruments to promote energy 
diversity and decarbonization of fuel sources.
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CHAPTER ONE

Introduction

Background

Petroleum products derived from conventional crude oil constitute 55 percent of end-use energy 
deliveries in the United States and more than 95 percent of energy used in the U.S. transporta-
tion sector. Although less CO2-intensive per British thermal unit (Btu) than coal, oil-derived 
liquids account for 44 percent of the nation’s carbon-dioxide (CO2) emissions.1 There also are 
concerns about the long-term cost of petroleum-based energy, the economic and other implica-
tions of large wealth transfers to oil exporters, and price instability in petroleum markets.2

These rising concerns about both energy security and greenhouse-gas (GHG) emissions 
from use of petroleum-based motor fuels have stimulated a number of public and private efforts 
worldwide to develop and commercially implement alternatives to conventional petroleum-
based fuels. A major focus in the near term has been improving fuel economy, both in the 
aggregate and through increased penetration of hybrid electric vehicles. The most commonly 
considered alternative fuel options for the medium term (roughly 10–20 years) are biomass-
based fuels (e.g., ethanol, biodiesel) and unconventional fossil-based liquid fuels derived from 
heavy oils, oil sands, coal liquefaction, and oil shale, as well as advanced plug-in electric hybrids. 
In the longer term, hydrogen (H2) may also emerge as a solution, although this fuel currently 
faces many more fundamental technical hurdles than the other options mentioned here.

In this report, we assess the potential future production levels, production costs, GHG 
emissions, and other environmental implications of two fossil-based alternative fuels. These 
are fuels derived from bitumen extracted from oil sands and fuels produced by conversion of 
coal to liquid fuels. The first is often called synthetic crude oil (SCO), while the second is often 
referred to as coal-to-liquids (CTL). Production of liquid fuels from a combination of coal and 
biomass is also briefly considered. Although oil shale is also an important potential unconven-
tional resource, we do not address it in this report because fundamental uncertainty remains 
about the technology that could ultimately be used for large-scale extraction, its costs, and 
environmental implications. The omission from this report of renewable fuel options should 
not be interpreted as a conclusion that the fossil-based options are superior.3

1 See EIA (2007c, Tables 1.3, 2.1b–2.1f, and 10.3). A summary chart can be found at EIA (2007d).
2 For historical as well as contemporary context on energy-security concerns and misconceptions, see Parry and Darm-
stadter (2003).
3 Each option has costs and benefits, and each must be weighed and compared to others on that basis. For further infor-
mation about renewable options, see Toman, Griffin, and Lempert (2008); Bartis, LaTourrette, et al. (2005) provided a 
detailed analysis of oil shale.
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In the absence of measures to capture and permanently store CO2, SCO from oil sands 
and CTL, will have higher CO2 emissions/unit of fuel than will conventional fuels. The fea-
sibility and costs of limiting or offsetting these higher emissions is one critical consideration 
in evaluating these fuels. Ultimately, it is likely that a portfolio of options will be needed to 
address cost, energy-security, and GHG concerns from motor fuels. This report considers one 
part of such a portfolio-wide approach.

Technical Approach

For both SCO and CTL, we first provide a bottom-up assessment of potential future produc-
tion, potential production costs, and potential technical and environmental barriers to capac-
ity expansion. Environmental barriers may include both CO2 emissions and local or regional 
impacts of resource development. Our primary focus is on the longer term, although we also 
discuss the issues that arise in ramping up capacity in the intervening period. We also provide a 
similar review of the technological and economic aspects of carbon capture and storage (CCS) 
in geological formations.

We then investigate how three key drivers influence the future cost-competitiveness of 
fuels from oil sands and CTL relative to fuels from conventional crude oil:

the future price of crude oil
changes in the unit costs of the unconventional fossil-based fuels induced by further tech-
nical advances and experience in their production
the implications of potential constraints on CO2 emissions for the unit costs of both con-
ventional and unconventional fossil-based fuels.

The future course of each unit-cost driver is uncertain, so we compare the fuels under 
a number of plausible scenarios to represent the key uncertainties. The Energy Information 
Administration’s 2007 Annual Energy Outlook (EIA 2007a, Table 12) has a reference-case 
price of light sweet crude oil in 2025 of about $56/barrel (bbl) (in 2005 dollars), while the 
high-oil-price case reflects a 2025 price of about $94/bbl. (The low-price case is about $35/bbl.) 
The costs of production of the technologies are also uncertain. For oil sands, new extraction 
technologies are being brought forward whose future costs are uncertain. For coal liquefac-
tion, there is not yet experience with more-modern plant designs. Finally, we consider ranges 
of future CCS costs and potential costs imposed by future regulation to limit CO2 emissions.

It is difficult to estimate future production costs for unconventional fuels. There is often 
a bias toward underestimating costs and overestimating performance of new fuel-production 
facilities and their operations. Since facilities that upgrade and refine bitumen from oil sands 
or produce CTL require significant levels of investment, the average cost of producing a unit 
of product over the lifetime of the facility is sensitive to a number of assumptions regarding the 
time to construct the facility, the mixture of capital and debt used to finance the construction, 
the costs of the feedstocks, and the successful start-up and long-term capacity factor of the 
facility. All of these parameters are uncertain and difficult or impossible to predict accurately 
early in the planning process. We attempt to account for some of this uncertainty by providing 
a range of cost estimates for recovering bitumen from oil sands or coal liquefaction. There are 
opportunities for significant improvements in production costs as experience is gained. A first-
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of-a-kind plant may be subject to significant cost overruns and poor performance, but subse-
quent plants may resolve these issues and perform significantly better. For the year of interest 
(2025), we derived low and high cost estimates for the production of SCO and CTL.

To account for how costs associated with limiting emissions of CO2 may affect the com-
petitiveness of SCO and CTL with respect to conventional petroleum or fuels, we incorporate 
a complete life-cycle-emission analysis of each fuel. Life-cycle emissions are those associated 
directly and indirectly with primary production of feedstock, processing, transporting, and, 
ultimately, the use of the end product, including gasoline, diesel fuel, or close unconventional 
substitutes for these. We consider a range of assumed values for a cost of CO2 emissions associ-
ated with some form of regulation to limit CO2. For our purposes, the form of regulation does 
not need to be specified.

We address the impacts of potential CO2 limits on cost-competitiveness in two ways. In 
scenarios in which we assume that using CCS is not possible, the cost of CO2 emissions applies 
to all emissions associated with production and final use of the unconventional fuels and con-
ventional petroleum, based on their life-cycle CO2 intensity. The cost of CO2 emissions then 
is added to each fuel’s basic supply cost. We consider such no-CCS scenarios in order to be 
able to highlight the sensitivity of cost-competitiveness to fuel production–cost uncertainties, 
as well as to provide a basis for comparison to identify the potential impact of CCS on cost-
competitiveness.

When the option of CCS is included in the cost-competitiveness analysis, the added cost/
unit of energy is the cost for applying CCS to a portion of emissions, plus the cost of CO2 
emissions applied to noncaptured emissions (including again the emissions from final use of 
the fuel). Fuel producers will implement CCS when its cost/unit of CO2 stored is less than the 
cost/unit of CO2 emissions released.

Organization of This Report

Chapter Two provides some historical context on synfuel development and key background on 
the energy-security and GHG concerns motivating interest in the alternative fuels, particularly 
unconventional fossil-based ones. Chapters Three through Five review the particulars of CCS, 
SCO from oil sands, and fuels from CTL. Chapter Six examines the cost-competitiveness of 
SCO and CTL fuels relative to conventional petroleum under different assumptions about 
technology, crude-oil prices, and CO2 storage and emission costs. Chapter Six also addresses 
the implications of incorporating monetized values of energy-security costs. Chapter Seven 
summarizes the study and provides some broader conclusions.
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CHAPTER TWO

History and Context of Unconventional Fossil-Resource 
Development

Past U.S. Efforts to Promote Synfuels

The Synthetic Fuels Corporation (SFC) was a U.S. government–sponsored program to develop 
a capacity to produce synthetic fuels in the early to mid-1980s. Critics of new efforts to pro-
mote unconventional fossil fuels often use the poor results of SFC as an argument for keeping 
the government out of the role of alternative energy–resource development. Our brief review of 
the SFC experience in this chapter is intended to highlight cautionary lessons and to indicate 
how current circumstances differ from those of SFC.

Dramatic oil-price increases due to world oil-market upheavals in the 1970s gave special 
impetus to the creation of SFC as a public but quasi-independent institution under the Energy 
Security Act of 1980 (P.L. 96-294). Much of the momentum driving the formation and financ-
ing of SFC rested on the prospect of synfuel costs being within a range likely to be approached 
and even surpassed by world oil prices within a near-term planning horizon. Against this back-
drop, the goal was to stimulate production of shale oil and coal-derived fuels through a variety 
of financial incentives.1

By 1987, production was expected to be no less than 500,000 barrels per day (bbl/d). By 
the early 1990s, it was expected that a synfuel-production capacity of several million bbl/d 
would be likely, albeit with prospective federal financial support in the billions of dollars. 
Technological obstacles and the need for a commercial learning curve to reduce production 
costs were scarcely considered. Moreover, such optimism was voiced not only by SFC’s federal 
backers. A nongovernmental panel of experts, eyeing the production target of the equivalent 
of 1.75 million bbl/d for shale oil and liquefied coal by 1990, characterized the required tech-
nologies as “ready for deployment [needing only] financial incentives to proceed to production” 
(U.S. House of Representatives, 1980).

These expectations proved to be short-lived, however. The world oil-price collapse in the 
mid-1980s (with a two-thirds decline from 1981 to 1986) eliminated the possibility of achiev-
ing anything close to SFC’s objectives. The government closed SFC in 1986, even though its 
enabling law had called for termination between 1992 and 1997.

Among the lessons that have been drawn from the SFC experience is that government, 
notwithstanding its undeniably important role in supporting research on innovative energy 
systems, ought to be wary of targeting specific resources or technologies. However, a broader 

1 Congress passed the first Synthetic Liquid Fuels Act in 1944 (58 Stat. 189), providing to the U.S. Department of the 
Interior $455 million authority in loan guarantees for synfuel development. Some level of coal liquefaction or gasification 
research and development (R&D) has been ongoing continuously since the 1940s. For a detailed discussion of the forma-
tion of SFC and its goals, see Schurr et al. (1979).
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lesson is relevant to the current debate about developing unconventional fuels. While it is hard 
to determine whether technological hurdles alone—apart from the world oil-price collapse—
would have been enough to sink the synfuel efforts of the 1980s, the fact that oil prices did 
not trend inexorably higher (as expected) offers an important caution in current assessments of 
unconventional-fuel potential. Moreover, environmental factors may be significant deterrents 
to the expansion of unconventional fossil fuels.

Energy Information Administration Production Projections

Production projections by the Energy Information Administration (EIA) provide a standard 
set of commonly accepted reference numbers that can be used to compare production of con-
ventional and unconventional fuels under different scenarios. They thus provide a useful point 
of departure for other assessments of future production. EIA’s 2007 International Energy Out-
look (IEO) projected the contribution of conventional and unconventional fossil resources to 
the liquid-fuel supply.2 The contribution of oil sands is projected to rise from approximately 
1 million bbl/d in 2007 to 3.6 million or 4.4 million bbl/d in 2030 (depending on whether 
one considers the reference case or high-oil-price scenario). Projected CTL production in the 
United States is shown in Table 2.1. CTL output is more limited in the near term, and it is 
higher in the high-oil-price case than in the reference case, given its improved cost-competi-
tiveness in that case. Shale oil (not included in Table 2.1) materializes only in the high–world 
oil-price scenario.

Potential Sources of Oil-Sand and CTL-Capacity Investment

There are a number of major players in current oil sand–production efforts, including Suncor 
Energy, the original company to make SCO from oil sands in 1967 (see Suncor, undated), 
and Syncrude Canada, a consortium of major oil companies, including ConocoPhillips and 
Exxon Mobil (Imperial Oil in Canada) (see Canadian Oil Sands Trust, undated; Syncrude, 
undated). Each company has a production level on the order of 350,000 bbl/d. Canadian Nat-
ural Resources and Petro-Canada are also major oil sand–production companies. The Atha-
basca Oil Sands Project is “one of the largest construction projects on the planet” and is a joint 
venture between Royal Dutch Shell (which acquired Shell Canada Ltd), Chevron Canada 
Resources (a wholly owned subsidiary of Chevron), and Western Oil Sands (see Albian Sands,

Table 2.1
EIA (2007) CTL Output Projections

Year
Reference Case 

(thousands of bbl/day)
High-Price Case 

(thousands of bbl/day)

2015 100 140

2020 100 600

2025 300 1,200

2030 400 1,600

SOURCE: EIA (2007b, Tables G.3 and G.6).

2 See EIA (2007b, Tables G.3 and G.6). These were the most recent projections available when the research was under-
taken. The 2008 IEO indicated a higher oil-price trajectory.



History and Context of Unconventional Fossil-Resource Development    7

undated). Additionally, many companies involved in joint ventures are looking to make sig-
nificant independent expansions as well, including ConocoPhillips (Surmont in situ project), 
Exxon Mobil/Imperial Oil (Cold Lake in situ and Kearl mining projects), and Royal Dutch 
Shell. Smaller but still consequential projects include those of Devon Energy, Nexen, and 
OPTI Canada. Most of these companies are producing, or planning to produce, more than 
100,000 bbl/d. Other companies poised to pursue oil-sand production on a significant scale 
are North American Oil Sands (recently acquired by Statoil ASA, the Norwegian state oil firm) 
and Total E&P Canada Ltd.3

Today, Sasol Limited in South Africa operates the world’s only commercial CTL produc-
tion. It currently produces the energy equivalent of about 160,000 bbl/d of fuels and chemicals 
(Steynberg, 2006; Sasol, 2006). According to a 2004 worldwide survey, at least 13 new facilities 
based on coal gasification began operations between 1993 and 2004 (NETL, undated) and are 
still operating today. That survey also listed an additional 25 facilities that would begin opera-
tions during 2005 and 2006. These coal-gasification facilities produce synthesis gas (syngas), a 
mixture of carbon monoxide (CO) and H2. Most of the facilities produce syngas for use in the 
manufacture of chemicals, and six facilities are dedicated to producing electric power using a 
combination of gas and steam turbines that is often referred to as an integrated gasification com-
bined cycle (IGCC). Table 5.1 in Chapter Five contains more information about these projects. 
Coal-gasification facilities, whether for chemicals or power, involve much the same operations 
as would be required at the front end of a modern Fischer-Tropsch (FT) CTL plant.

Policy Drivers for Unconventional Fossil-Based Fuels:  
Greenhouse-Gas Emissions and Energy Security

Concerns About Greenhouse Gases

To properly compare the overall emissions of CO2 from different fuels, it is necessary to evalu-
ate the emissions of CO2/comparable unit of energy across the entire life cycle of the fuel, or 
the full fuel cycle. This means calculating the emissions associated directly and indirectly with 
primary production of feedstock, as well as the processing, transportation, and, ultimately, the 
use of the end product, whether it be gasoline, diesel fuel, or close unconventional substitutes 
for these. In the absence of measures to control CO2 emissions, the potential future emissions 
of CO2 associated with producing SCO and CTL fuels are higher/unit of product than are 
those of conventional petroleum.

An evaluation of the implications of greater use of unconventional fuels needs to account 
for this greater CO2 intensity/unit of energy supplied and how it might affect the relative com-
petitiveness of the unconventional fuels. The growing attention being paid to limiting GHG 
emissions in the United States and globally could lead to various forms of regulatory con-
straints on CO2 emissions into the atmosphere. Those constraints, in turn, would lead to added 
costs for different fuels based on their GHG intensity. At this stage, it is not possible to predict 
the form or stringency of future limits on CO2 emissions in the United States or the extent to 
which these limits would affect motor fuels. For this reason, we represent the impact of future 

3 Useful information can be found in Alberta Employment, Immigration and Industry (2007). An up-to-date inventory 
of existing and proposed Canadian oil-sand activities can be found in Strategy West (2008).
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CO2 controls parametrically in our unit-cost comparisons by allowing for different values of 
the cost of CO2 emissions and different costs for CCS.

Concerns About Energy Security

Since the oil-price shocks of the 1970s, there has been persistent concern about the adverse eco-
nomic consequences of both high and unstable oil prices.4 We review these concerns at a gen-
eral level and then put them in the context of transportation fuels derived from conventional 
and unconventional fossil resources.

The concern about high oil prices reflects not just the resulting burdens on individual 
energy users. It also reflects the national implications of large transfers of national wealth to 
foreign oil producers—in particular, members of the Organization of the Petroleum Exporting 
Countries (OPEC) that many observers see as holding prices above competitive market levels 
by restricting output. Artificially elevated oil prices provide a rationale for policy interven-
tion, including policies to stimulate production of cost-competitive alternative fuels to mitigate 
exporters’ use of market power.5 Even a small oil-price reduction accruing to consumers over a 
large volume of oil consumption and imports can add up to a significant economic benefit.6

While any fuel substitution has the potential to lower international oil prices by reduc-
ing demand for conventional petroleum, the magnitude of the benefit will depend on the 
cost-effectiveness of the alternative fuels and their production potential. Substitution of con-
siderably more expensive fuels through various possible measures, such as subsidies or fuel-
use mandates, erodes the economic benefits gained from a lower world oil price and reduced 
wealth transfer. Moreover, the degree of oil cost savings will depend on oil producers’ responses 
(Bartis, Camm, and Ortiz, forthcoming). For example, if they reduce their output to buffer the 
decline in oil prices, the import cost savings would be weakened as well.

Oil-price spikes also are a concern because of their adverse impacts on national employ-
ment and output. The specific mechanisms behind these adverse, economy-wide impacts remain 
subjects of research and debate, but they are generally seen to result in lower employment when 
reduced energy use lowers the marginal product of labor in the economy. While alternative 
transportation fuels might reduce the instability of oil prices by lowering the potential size and 
likelihood of price shocks, this benefit is likely to be quite small unless unconventional fuels 
make up a large share of total demand. With a small market share, the prices of the substitutes 
will be highly correlated with prices for conventional petroleum products. In this report, we 
focus on the potential benefit of alternative fuels in terms of lower long-term oil prices and 
smaller international wealth transfers.

4 For recent discussions of these issues, see Huntington (2005) and Leiby (2007).
5 The reduction in wealth transfer affects all foreign oil suppliers, not just OPEC. Domestically, the effect of lower oil 
prices is to transfer economic surplus from oil producers to oil consumers.
6 Policies to reduce fuel demand through improved energy efficiency can also yield this benefit.
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CHAPTER THREE

Carbon Capture and Storage for Unconventional Fuels

This chapter presents an overview of technology and costs for CCS as it relates to extracting 
bitumen from oil sands and producing liquid fuels from coal. The capture of CO2 refers to 
methods of isolating a concentrated stream of CO2 and pressurizing it in preparation for trans-
portation by pipeline to permanent storage. Storage of CO2 refers to permanent, belowground 
storage of CO2. Significant research, development, and demonstration are under way in the 
United States and throughout the world to identify sites that would support large-scale, per-
manent, geologic storage of the CO2. Several large-scale tests are under way.

The systems and processes for capturing CO2 in oil sand–extraction and –upgrading 
facilities and in CTL facilities are commercially proven, and systems for transporting and 
injecting CO2 are in widespread use today. We can use this experience to derive cost estimates 
for CCS for SCO and CTL. CO2 capture differs in some important ways between bitumen 
extraction and upgrading and CTL production, as discussed in this chapter. Additional detail 
regarding the quantity of CO2 captured during operations and the actual costs of capture are 
presented in the following chapters for each of the technologies individually. Costs of trans-
portation and storage are considered in this chapter to the extent that there are similarities for 
the two technologies. The only cost that is assumed to be identical on a per-unit basis for both 
technologies is that of storage. The presentation here is brief; the interested reader is encour-
aged to refer to the cited documents for more detail.

Carbon-Dioxide Capture

Centralized facilities offer the best opportunities for CO2 capture (IPCC, 2005). For oil sands, 
the various point sources associated with facilities that extract bitumen and upgrade the recov-
ered bitumen (e.g., boilers, heaters, on-site power generators) are the points at which it is most 
convenient to capture CO2. For CTL, removing CO2 from key process streams is part of 
normal operations, so capture principally involves preparing the CO2 for pipeline transport 
(Bartis, Camm, and Ortiz, forthcoming). For this reason, the marginal cost of CCS per unit 
CO2 captured is higher for SCO than for CTL.

In oil-sand operations, trucks, excavators, and other fleet equipment do not offer a practi-
cal opportunity for CO2 capture, although these are more significant sources of emissions for 
mining operations than for in situ ones. Additional sources, such as mine-face and tailing-
pond emissions (for mining) and fugitive gases and flaring emissions (for in situ operations), 
are also relatively difficult to capture. These are the nonpoint sources of GHGs that we assume 
will not be subject to CCS.
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It is less costly to capture CO2 emissions from large, stationary combustion sources and 
bitumen-upgrading facilities. For example, current methods for in situ production of oil sands 
require the on-site production of the steam that is injected to promote the flow of the bitumen 
to a producing well. In our analysis, we assume that the cost of capture from all such combus-
tion sources in oil-sand operations will be comparable to capture costs for a new pulverized-coal 
(PC) power plant, as estimated by the Intergovernmental Panel on Climate Change (IPCC).1 
Similarly, we apply IPCC costs for CO2 capture in H2-production facilities to the capture of 
such emissions from oil sand–upgrading facilities. In both cases, rather than using the entire 
(very broad) range of values presented by IPCC, we instead use the representative cost values 
therein, with a small variation around these values to account for uncertainty and site variabili-
ty.2 These costs include the cost of pressurizing the captured CO2. We then assume a 25-per-
cent decrease in these costs by 2025, consistent with IPCC’s assessment of the prospects for 
technological improvements in capture technologies during this time frame. More details are 
presented in Chapter Four.

Isolation of a pure stream of CO2 is an integral process in CTL facilities employing the 
FT and methanol-to-gasoline (MTG) processes (see Chapter Five). In these facilities, the coal 
is gasified under high temperature and pressure to produce syngas. One by-product of this 
process is a waste stream of CO2, which is removed from the syngas as part of preparing to 
produce the liquid fuels. In some FT plants, a second stream of CO2 is removed during the 
synthesis process. The technology for isolating CO2 from these process streams is well estab-
lished and commercially proven (Bartis, Camm, and Ortiz, forthcoming). Ten to 20 percent 
of the plant-site CO2 emissions are produced in the section of the CTL plant that generates 
electric power. Technical detail regarding the capture of CO2 in CTL facilities is provided in 
Chapter Five.

Once isolated, the final step in CO2 capture is the pressurization of the CO2 in prepara-
tion for transport. This step would be common to both oil-sand and CTL facilities employing 
systems for CO2 capture. The stream of CO2 needs to be pressurized to at least 1,200 absolute 
pounds per square inch (psia) (IPCC, 2005) but typically in the range of 2,000 to 2,200 psia 
(SSEB, 2005, Appendix D) to allow for pressure losses during transport and to drive the geo-
logic disposal process. Electricity produced on site is used to operate the compression equip-
ment. In our analysis, the cost of CO2 capture is estimated by including the capital and operat-
ing costs of the compression equipment in the financial analysis.

Carbon-Dioxide Transport

The captured and pressurized CO2 must be transported from the capture site to the stor-
age site. This is typically performed via pipeline. There is considerable commercial experience 
in the pipeline transport of CO2 in North America dating to the 1970s and 1980s. Kinder 

1 IPCC (2005). It is also possible, in theory, to convert the fossil fuel used in these various point sources into H2 and 
CO2; the H2 would be burned and the CO2 captured. This is a plausible option because H2 is also required for other plant 
operations, principally the upgrading of the bitumen to SCO. However, in this analysis, we do not assume that this will be 
standard practice.
2 We use the representative values in IPCC ± $5/ton CO2. This not only narrows the very broad range presented by IPCC, 
but it also centers the distribution on this representative value, which is not the central value of the ranges presented by 
IPCC.
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Morgan operates a 1,300-mile pipeline network in the United States for use in enhanced oil 
recovery (EOR) (Kinder Morgan, 2006). Pipelines in the western United States have a capac-
ity to transport more than 50 million tons of CO2 per year from both natural reservoirs and 
built sources to EOR operations (IPCC, 2005). Most relevant to the topic of CCS for both 
oil sands and CTL is the 205-mile CO2 pipeline connecting a coal-gasification plant in North 
Dakota with the Weyburn, Saskatchewan, CO2 EOR and storage test site. This pipeline deliv-
ers approximately 2 million tons per year of CO2 at a pressure of 2,200 psia (IPCC, 2005).

Pipeline and infrastructure costs for CO2 transport are proportional to the distance the 
CO2 must be transported and to the size of the CO2-generating facility. The only difference in 
our analysis between oil sands and CTL with respect to CO2-transportation costs is the differ-
ence in the quantity of CO2 produced and captured on a daily basis.3 For both technologies, 
we assume transport costs as estimated by IPCC for a 250-km pipeline but at different total 
production volumes (IPCC, 2005, Figure 8.1). As will be discussed later, a moderately sized 
CTL facility will capture approximately 50 percent more CO2 than a moderately sized oil 
sand–extraction and –upgrading operation. Because CO2 transport is mature technology, we 
do not assume any cost improvements by the year 2025.

Carbon-Dioxide Storage

EOR and geologic storage are the two options currently being considered for disposing of 
captured CO2 emissions from unconventional-fuel production. EOR is the only commercial 
option currently available for the disposition of appreciable CO2 emissions. In general, EOR 
activities have not been intended to provide permanent storage. Given favorable geology, how-
ever, certain sites have the potential to permanently store CO2 (NETL, 2008). For oil-sand and 
CTL plants built in the near term, EOR would provide an opportunity to dispose of captured 
CO2. However, we are interested in long-term, large-scale options for CO2 beyond the poten-
tial scale of storage through EOR.

Substantial efforts are under way worldwide to develop dedicated geologic storage for 
CO2. Additional options for disposing of plant-site CO2 emissions may become available in 
the longer term. These include the use of CO2 in facilities dedicated to biomass production 
(e.g., algae farms). The costs of identifying, commissioning, decommissioning, and long-term 
monitoring of storage sites are uncertain and the focus of significant U.S. and international 
study (NETL, 2007b; IPCC, 2005).

Oil-sand and CTL facilities would utilize common technologies for CO2 storage without 
obvious technical distinctions or cost differences. In this report, we use the same values for 
storage costs, which include monitoring and verification, for both technologies—namely, the 
entire range of values given by IPCC for geologic storage (see IPCC, 2005, Table 8.2). Because 
of the noted cost uncertainties, we do not make any assumptions about the cost of geologic 
storage decreasing by the year 2025.

3 The geographic distribution of oil-sand operations may, in fact, make capturing and transporting a significant fraction of 
CO2 more complicated and, therefore, more expensive than this analysis implies. For example, we have assumed collocation 
of in situ and upgrading operations herein. However, increasing CCS costs for oil sands would only strengthen the conclu-
sions in later chapters with respect to incentives to use CCS in the oil-sand industry.
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Enhanced Oil Recovery

In EOR operations, CO2 is used to increase production in certain oil fields in a method known 
as CO2 flooding. In this process, CO2 is injected into a field at pressure, where it mixes with 
the remaining oil in the field, changing its flow properties. The oil may then be pumped from 
a producing well. Typically, much of the injected CO2 is recovered from the EOR site and 
re injected or used elsewhere, though a certain amount of CO2 remains in the reservoir. It is 
possible to continue pumping the recovered CO2 into the same reservoir and, after the comple-
tion of oil-recovery operations, close the site, leaving the CO2 in the reservoir (NETL, 2008). 
Currently in the United States, CO2 is recovered mainly from natural reservoirs for use in 
EOR operations (Kuuskraa, 2006).

A conservative estimate is that higher oil prices could increase U.S. petroleum production 
using EOR by between 1 million and 1.5 million bbl/d and use between 350,000 and 750,000 
tons per day of CO2.4 This amount of CO2 represents the plant-site production associated 
with an FT CTL industry producing approximately 500,000 to more than 1 million bbl/d, 
assuming that the plants have similar characteristics to the one analyzed in Chapter Five. With 
appropriate operation of projects, much of the CO2 could be permanently stored.5

Geologic Storage

Geologic storage refers to technical approaches being developed and demonstrated worldwide 
that are directed at the long-term storage of CO2 in various types of geological formations, 
such as deep saline formations. In geologic storage, CO2 is injected at high pressure into appro-
priate formations. Three ongoing large-scale tests of geologic storage worldwide seek to store 
CO2 while gaining critical knowledge to be applied elsewhere, and others are planned (IPCC, 
2005; NETL, 2007b). One, in Weyburn, Saskatchewan, uses CO2 delivered via pipeline from 
a coal-gasification facility in North Dakota for EOR. Recently, the Weyburn test has increased 
its injection rate of CO2 from an initial 1 million metric tons per year to more than 2 mil-
lion metric tons per year. The Sleipner project, operated by Statoil in the North Sea, injects 
approximately 1 million metric tons/year of CO2 separated from natural-gas processing into a 
saline formation. The In Salah project in Algeria injects CO2 to increase natural-gas recovery. 
A common aspect of the three projects is detailed monitoring of the migration of the injected 
CO2 over time so that risks associated with geologic storage can be better understood (IPCC, 
2005). Each project has a final storage capacity of approximately 20 million metric tons, and 
all three projects currently are viewed as successes in the scientific and technical literature.

Technical barriers to geologic storage in appropriate geologic formations appear to be 
“manageable and surmountable,” and storage “is likely to be safe, effective, and competitive 
with many other options on an economic basis” (MIT, 2007, p. 43). Furthermore, the exis-
tence of significant natural reservoirs of CO2 currently providing the gas for EOR operations is 
evidence of the earth’s ability to store CO2 under appropriate conditions (Bartis, Camm, and 
Ortiz, forthcoming). Nevertheless, further large-scale testing is needed before geologic storage 
can be considered viable from both technical and policy perspectives. In addition to broader 
characterization of geologic formations to support storage, the development of an appropri-

4 Kuuskraa (2006). For CO2 flooding, each ton of CO2 yields between two and three barrels of petroleum.
5 NETL (2008). The assumptions underlying the analysis in NETL (2008) are that the world price of oil is $70/bbl and 
that CO2 costs $45/ton. If oil prices are higher or if CO2 costs (including infrastructure costs) are lower, the demand may 
be higher.
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ate regulatory system and capacity to quantify and manage risks remains to be done (NETL, 
2007b).





15

CHAPTER FOUR

Oil Sands and Synthetic Crude Oil

This chapter considers the use of oil sands to produce liquid fuels via the extraction of bitu-
men and conversion to SCO. The analysis includes a discussion of the North American oil-
sand resource base, the technologies involved in extracting and upgrading bitumen to SCO, 
the CO2 emissions associated with oil-sand operations, and options for capturing and storing 
plant-site emissions of CO2. It also addresses limiting factors with respect to the expansion of 
oil-sand development in Canada.

Overview of the Resource

Oil sands are deposits of bitumen in sand or porous rock. Bitumen, a mixture of hydrocarbons 
that, at normal temperatures and pressures, is a solid or semisolid, tarlike substance,1 is the 
material of interest in oil-sand extraction. Bitumen extraction is performed by mining or by in 
situ methods. Oil sands are defined by ranges of viscosity and density. Their exact properties 
differ from region to region, but they are generally characterized by a high density (low Ameri-
can Petroleum Institute [API] gravity) and high viscosity. Since bitumen does not flow under 
ambient conditions, it is more difficult to recover than conventional crude oil is and requires 
significant subsequent upgrading to become a substitute for conventional crude. The upgrad-
ing process centers on adding hydrogen to the bitumen at elevated temperatures and pressures, 
yielding SCO.2 The SCO that is produced can be refined into various petroleum products, 
such as gasoline, diesel, and jet fuel, in existing refineries in much the same way that conven-
tional crude oil is refined (Alberta Chamber of Resources, 2004; NEB, 2006; Speight, 2007).

Companies process bitumen into one of three products: SCO, dilbit, or synbit. SCO is 
the upgraded product that refineries can use as a substitute for crude oil. Some companies 
decide not to upgrade the bitumen and instead sell it to refineries that have the capability to 
upgrade and refine the bitumen. However, to transport the bitumen to the buyer, it is mixed 
with either SCO or a condensate, such as naphtha, to decrease its viscosity and allow the prod-
uct to flow through pipelines. When mixed with SCO, the result is called synbit. If naphtha or 
another condensate is used, the product is called dilbit (Nakamura, 2007). The process flow for 
each of these products is shown in Figure 4.1.

1 Hence the term tar sands, which is generally used to describe oil-sand deposits outside of Canada, most notably those 
in Venezuela. However, since tar refers to destructive distillation products and not naturally occurring hydrocarbons, this 
term is not technically correct.
2 SCO is a term that can also be used to describe upgraded oil shale and certain types of coal-derived liquids. However, in 
this document, we use the term exclusively to refer to the product derived from oil sands.
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Figure 4.1
Oil-Sand Products

SOURCE: Based on Nakamura (2007, p. 56, Figure 4).
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Canada has very large oil-sand reserves.3 The remaining established reserves of bitumen in 
Canada are estimated to be 173 billion barrels (Alberta Energy Resources Conservation Board, 
2008). This places Canada behind only Saudi Arabia in oil reserves. Canada’s major oil-sand 
deposits reside in Alberta in three fields: Athabasca, Peace River, and Cold Lake. The quality 
of an oil-sand deposit can vary considerably depending on the thickness of the deposit (the pay 
thickness) and the saturation of bitumen in the deposit. Pay thickness varies from 19 to 100 
feet, and saturation varies from 4.7 percent to 10.2 percent by mass in major deposits (Alberta 
Energy Resources Conservation Board, 2008).

U.S. resources of bitumen have not been heavily exploited and are not characterized as 
thoroughly as resources in Canada (USGS, 2006). Major deposits of bitumen (i.e., larger than 
100 million barrels) in the United States can be found in Alabama, Alaska, California, Ken-
tucky, New Mexico, Oklahoma, Texas, Utah, and Wyoming. The largest volume is in Utah, 
which has measured reserves of 8 billion to 12 billion bbl and total resources in place, including 
speculative ones, of 23 billion to 32 billion bbl. The total U.S. oil-sand resource is estimated at 

3 In this document, we focus on North American resources, primarily those in Canada. This is due to (1) the magnitude 
of the Canadian reserves and (2) the relative maturity of the oil-sand industry in Canada. Venezuela also has vast oil-sand 
deposits north of the Orinoco River that rival the resources in Canada. However, these differ in character from Canadian 
oil sands and have not been developed for liquid-fuel production.
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54 billion bbl in the form of bitumen, of which 22 billion are considered to be measured, and 
32 billion are considered speculative.4 These estimates of resources in place do not indicate how 
much of the resource may be recoverable or at what cost.

U.S. and Canadian oil-sand resources are significantly different in character,5 and extrac-
tion techniques for the two will differ accordingly (BLM, 2007). The rugged terrain and spe-
cific geology of the Utah oil-sand deposit are likely to make extraction in the United States 
more challenging (U of U, 2007). Although U.S. oil-sand resources are significant, within the 
next few decades, they are not likely to add significant liquid-fuel capacity to U.S. production 
(Bartis, Camm, and Ortiz, forthcoming; DOE, 2007). Section 369 of the Energy Policy Act of 
2005 (P.L. 109-58) directed the U.S. Department of Energy to make available for lease public 
lands for research and development and perform a programmatic environmental-impact state-
ment regarding the production of liquid fuels from oil shale and oil sands (BLM, 2007). As of 
late 2007, no leases had been issued for the development of U.S. oil sands, and production to 
date is limited to two pilot-scale operations (U of U, 2007). Given anticipated limited produc-
tion, as well as limited information on the costs of any production, we focus in this analysis on 
Canadian oil-sand extraction.

Production Projections

There have been a number of estimates of expected future production levels of SCO from 
Canadian oil sands. The Alberta Energy Resources Conservation Board expects production 
of Canadian oil sands to grow to 3.2 million bbl/d in 2017.6 Similarly, the Canadian Energy 
Research Institute (CERI) estimates that, by the 2015 to 2020 time frame, production levels 
will be between 3 million and 4 million bbl/d.7

The National Energy Board (NEB) (2006) provided a broader range of production esti-
mates: between 1.9 million and 4.4 million bbl/d in 2015. However, it considered the high-end 
estimate of 4.4 million bbl/d, based on all publicly announced projects as of June 2006 going 
online as originally scheduled, to be “beyond the limits of capacity growth” by 2015. The low-
end estimate is based on sustained oil prices below $35/bbl. Since its base-case estimate of 
3.0 million bbl/d by 2015 is based on an assumption that oil prices will be $50/bbl, it might 
be considered conservative.8

EIA also has made projections for Canadian oil-sand and bitumen production in 2025. 
In 2007, it projected that production levels in 2025 would be 3.2 million bbl/d in the reference 
case and 3.9 million bbl/d for the high-price case (EIA, 2007b, Tables G3 and G6). In 2008, 
in the context of higher prevailing oil prices, it projected 3.8 million bbl/d and 7.5 million 
bbl/d for its 2025 reference and high-oil-price cases, respectively (EIA, 2008b, Tables G3 and 

4 U of U (2007). Speculative resource estimates are highly uncertain because they are typically the result of extrapolating 
observations of surface resources below the surface (USGS, 2006).
5 For example, U.S. oil sands are hydrocarbon wetted, whereas Canadian oil sands are water wetted.
6 Alberta Energy Resources Conservation Board (2008). Of this, 1.9 million bbl/d are expected to be upgraded to SCO, 
and 1.2 million bbl/d are expected to be marketed as dilbit or synbit, which will be upgraded and converted to petroleum 
products at appropriately equipped refineries throughout North America, taking into account expected changes in refinery 
capacity and capability to upgrade bitumen.
7 Timilsina, LeBlanc, and Walden (2005, p. ix). CERI also expects $100 billion in investments by 2020 in Canadian oil-
sand projects.
8 The base case assumes capital expenditures of C$94 billion during this time.
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G6). These projections emphasize that future production levels are uncertain and dependent 
on world oil prices, as well as environmental impacts, technological progress, and other factors 
that will be discussed in more detail later.

If world oil prices remained significantly higher than the production cost of SCO, there 
would be large economic benefits from significantly expanding oil-sand production, and envi-
ronmental considerations would weigh more heavily on capacity expansion—though the large 
economic returns would also make possible some significant efforts to mitigate environmental 
risks. Sustained oil prices around or below the production cost of SCO would dampen invest-
ment and production levels, and more detailed scrutiny of the economics of specific projects 
would be needed to evaluate the risk of investment.

Methods of Extracting and Upgrading Oil Sands

As noted, oil sand–extraction techniques fall into one of two general categories: mining or in 
situ. Mining is the method of choice if the deposit is covered by no more than ~250–330 feet 
of overburden, while in situ methods are preferred for deeper deposits. More than 60 percent 
of production of Canadian oil sands to date has been through mining, and mining will con-
tinue to be the dominant technique to recover bitumen in the next decade, with the share of 
in situ production expected to increase only slightly from 41 percent in 2007 to 45 percent in 
2017 (Figure 4.2).9 However, most of the oil-sand reserves (~80 percent) reside in areas where 
only in situ methods are feasible,10 and minable oil-sand deposits are found only in the Atha-
basca deposit (Alberta Energy Resources Conservation Board, 2008). There are multiple in 
situ methods, including a number of promising techniques still in the development phase, but 
here we focus on the most common methods currently in use: steam-assisted gravity drainage 
(SAGD) and cyclic steam stimulation (CSS), both of which involve injecting steam into the 
ground to separate the bitumen from the sand and decrease its viscosity (Alberta Chamber of 
Resources, 2004; NEB, 2006).

Mining

Mining of oil-sand deposits is akin to strip mining. The process involves the use of large shov-
els, capable of moving up to 100 tons/scoop, to place the oil sands into large trucks, which 
often have capacities on the scale of 400 tons. To separate the bitumen from the inorganic 
matrix (primarily sand and clays), the mined material is brought to a mine site, where it is 
crushed, mixed with water, and pipelined as a slurry to a nearby extraction facility.11 At the 
extraction facility, the slurry enters vessels designed to separate solids based on the differences 
between their densities (gravity separation) or surface properties (froth flotation).12 The bitu-
men froth would then be sent to an upgrading facility, where it would be further processed 
into marketable products.

9 Other estimates show the 60-40 split between in situ and mining continuing in this period.
10 Of the 173 billion barrels of Canadian crude-bitumen reserves, it is estimated that 31 billion of those barrels may be 
recovered via surface mining and that 142 billion will be recovered via in situ extraction.
11 This hydrotransport method is relatively new but gaining wide acceptance, replacing or supplanting earlier methods in 
which dry oil sands are transported (via truck and conveyor belts) directly to the extraction plant.
12 Separation is enhanced by the addition of chemicals to the slurry that facilitate gravity separation or flotation.
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Figure 4.2
Canadian Bitumen Production: Past and Future Projected

SOURCE: Based on information from Alberta Energy Resources Conservation Board (2008, p. 2-20, 
Figure 2.12).
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About 90 percent of the bitumen can be recovered during extraction. The sands and 
unrecovered bitumen that collect at the bottom of the separation vessel are known as tailings. 
These tailings are mixed with large quantities of residual water from the separation process 
and subsequently piped to tailing ponds. Here, the sand and clay are allowed to settle out so 
that water may be reused in the oil sand–separation process. However, there are limits to how 
much reuse is possible. Additionally, there are significant potential challenges associated with 
managing the tailing ponds (see section on “Environmental Impacts and Water Resources”) 
(Speight, 2007).

Steam-Assisted Gravity Drainage

SAGD is an in situ method in which two closely spaced horizontal wells are drilled into the 
bitumen deposit. Steam is continuously injected into the top well at low pressures, and good 
vertical permeability within the deposit is required. The steam-to-oil ratio (SOR) indicates 
how many barrels of water (in the form of steam) are required to produce a barrel of oil and 
is the primary metric used to assess a SAGD site. A high-quality SAGD reservoir has an SOR 
of ~2.5, but this value can vary widely even within a given site or for a particular operation.13 
At present, steam in SAGD operations is generally created by burning natural gas. The steam 
decreases the bitumen’s viscosity and carries it to the lower production well. The bitumen is 
then pumped to the surface. SAGD produces a recovery rate of 40 to 70 percent of resources in 

13 An SOR of 2.5 is also the assumed value in the MIT model we use in this analysis, as described later (see Lacombe and 
Parsons, 2007).
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place (Alberta Chamber of Resources, 2004; NEB, 2004; Griffiths, Woynillowicz, and Taylor, 
2006).

Cyclic Steam Stimulation

CSS (also sometimes referred to as huff and puff ) is similar to SAGD in that it uses steam to 
decrease the viscosity of the bitumen. However, the technique uses a single vertical injection 
and production well, which is run cyclically instead of continuously as in SAGD. CSS is run 
in three phases: steam injection, soak, and production. In the first phase, steam is injected into 
the well at high pressures. The steam is then allowed to soak into the deposit and decrease the 
bitumen’s viscosity. Finally, the bitumen is pumped out of the same well. This process is con-
tinually repeated. The recovery rate is 20 to 35 percent, and the SOR tends to be higher than 
for SAGD, although CSS does not require the higher-quality steam and heat/unit volume that 
SAGD does. CSS also requires a shale cap layer to help maintain pressure during the soak 
phase. Most of the CSS facilities in Alberta are in the Cold Lake area, which has a shale cap 
layer in some places. However, the majority of Canadian bitumen deposits are in the Athabasca 
field, which does not have a shale layer, making CSS infeasible (Alberta Chamber of Resources, 
2004; NEB, 2004; Speight, 2007).

Upgrading

Before bitumen can be used in existing refineries designed for conventional petroleum prod-
ucts, the physical and chemical properties must be altered by upgrading to SCO.14 The specific 
primary and secondary upgrading processes selected depend on the properties of the bitumen 
feed and the desired properties of the upgraded SCO product.15 Feed separation may be per-
formed prior to upgrading to separate out the heavy components, known as bottoms, which 
then undergo primary upgrading; the lighter hydrocarbons may directly undergo secondary 
upgrading (see Figure 4.3). Primary upgrading produces lighter hydrocarbons and may or

Figure 4.3
Upgrading Flowchart

SOURCE: Based on information in U of U (2007).
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14 Note that inclusion of upgrading is sometimes denoted by calling a project integrated. For example, an integrated mining 
project signifies that upgrading is part of the project. The output is thus a more valuable product than that from a project 
that is not upgraded. While the properties of SCO are similar to conventional crude oil, it is considered synthetic because 
it has been altered from the naturally occurring state (bitumen).
15 Enhanced upgrading refers to novel, emerging upgrading processes, which will not be discussed herein.
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may not utilize a catalyst, and secondary upgrading removes impurities from the feed and is 
a catalytic process. Primary upgrading in Canadian oil-sand operations commonly consists of 
thermal cracking via coking, which does not involve a catalyst.16 This is generally followed by 
secondary upgrading via hydrotreating, a catalytic process done in a hydrogen-rich environ-
ment. The upgrading plants usually use natural gas for both heat and hydrogen production, 
making this a natural gas–intensive process. A coke that is very similar to petroleum coke is a 
by-product of primary upgrading. The coke can be used as a fuel for producing electricity or 
process heat (U of U, 2007). Without CCS, this use of the coke would result in higher CO2 
intensity than that of natural gas, although it might be less expensive overall even with regula-
tory requirements to manage CO2.

Although SCO is often equated to West Texas Intermediate (WTI) in its quality, some 
producers upgrade the SCO to sell at a premium while others produce a lower-grade product 
that is less expensive than WTI. This difference is related primarily to the quality of the feed-
stock as well as the upgrading process used to produce the SCO. The sulfur content—whether 
it is sour or sweet (high- or low-sulfur, respectively)—also affects the SCO value.

Future Oil-Sand Technologies

The consumption of natural gas could significantly influence SCO-production costs, espe-
cially for in situ techniques. The oil-sand industry is looking at a number of new technologies 
to reduce or eliminate its dependence on natural gas (U of U, 2007). One method, vaporized 
extraction (VAPEX), is similar to SAGD in that it would be a continuous process with hori-
zontal wells. However, instead of using steam, a solvent, such as ethane, propane, or butane, 
would be injected into the top well to decrease the viscosity of the bitumen. By one estimate, 
VAPEX would have a capital cost 25 percent less than SAGD and an operating cost of 50 per-
cent less (NEB, 2004). The implementation of this method seems several years away, although, 
according to the National Petroleum Council (NPC), it could come online in 2010 (NPC, 
2007, p. 47).

In situ combustion methods are also being explored. One such method is toe-to-heel 
air injection (THAI) (U of U, 2007). THAI uses two wells: one vertical injection well and a 
horizontal production well. The impetus for this method is that it could be used for deposits 
that are lower quality, thinner, and deeper. Air is injected into the vertical well, igniting the 
deposit. The heat decreases the viscosity of the bitumen, which then flows into the horizontal 
production well. As with VAPEX, NPC (2007, p. 47) estimated that THAI could be online in 
the 2010 time frame.

Others in the oil-sand industry are looking into gasifying bitumen or residual products 
from SCO production, such as asphaltenes, to produce a low- or medium-Btu fuel gas (the 
active components of which are CO and H2) that can be burned to meet energy requirements. 
Gasification technologies appropriate to this application are well developed and used in other 
industries. Bitumen has about twice the amount of carbon/Btu that natural gas does, resulting 
in higher CO2 emissions unless measures are taken to capture and store CO2.

Using nuclear reactors to provide steam, electricity, or hydrogen for use in oil-sand projects 
would reduce CO2 emissions in the extraction and upgrading of bitumen. NPC (2007, p. 48) 
estimated that producing a nuclear-power plant fit for the purpose would likely not occur until 

16 Hydroconversion is an alternate catalytic method of primary upgrading. It is more expensive than coking, but it also 
produces a greater yield of SCO. With coking, 30–40 percent of the bitumen forms coke.
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2020–2030. However, Alberta Energy has since announced plans to build a 2,200-megawatt 
(MW) nuclear facility in the Peace River area as early as 2017.17 As this would be the first 
nuclear plant to be built in the province, legal, regulatory, and public-opinion issues will need 
to be addressed prior to its realization.

The other primary extraction methods under consideration are relatively immature in 
their development. One method would use microbes to help recover bitumen. Another method 
includes the use of electromagnetic heating to decrease the viscosity of the bitumen, while 
CAPRI™ would use a catalyst in conjunction with the THAI method (the catalytic method 
was developed in part by the Petroleum Recovery Institute [PRI], hence the name). None is 
close to being implemented. Future technological advances could significantly alter the oil-
sand industry if they become commercially viable and are implemented. However, the time 
frame for them to be introduced into commercial practice is difficult to predict.

Potential Constraints on Oil-Sand Production

Environmental Impacts and Water Resources

Extracting oil sands on a large scale has considerable environmental impacts, and concern 
for these has risen with the growth of the industry (NEB, 2006). The oil sands lie within the 
boreal forest, which extends across Canada to northern Europe, Russia, and Alaska and is 
the second-largest forest system in the world. According to the Western Boreal Conservation 
Initiative,

The boreal forest is unique for its geographic diversity and extent, and the abundance of its 
wildlife. [It] is important to more than half of all the country’s migratory birds, providing 
critical nesting habitat during the breeding season [and plays] a critical role as a carbon res-
ervoir for the world. With its numerous bogs, fens, lakes, rivers, and wetlands, the boreal 
region is also a major source of water and wetland habitat. (Environment Canada, 2007b)

Although oil sands have been exploited for decades and companies have tried to reclaim 
the lands they disturb, it remains uncertain whether land-reclamation methods currently 
employed will be successful (NEB, 2006). According to their most recent sustainability reports, 
as of 2006, Suncor and Syncrude had reclaimed less than 10 percent and just over 20 percent of 
land disturbed by their operations, respectively (Suncor, 2007a; Syncrude, 2006). These num-
bers are consistent with those reported in 2004 by NEB (2004). The Government of Alberta 
recently issued the first official reclamation certificate, so most of the reclamation to date has 
yet to be validated.18 In addition to the footprint of the extraction sites themselves, extensive 
roads and pipelines are required to move equipment and labor to, and oil-sand products from, 
remote sites in often-pristine environments (Bordetsky, 2007).

17 Ontario nuclear operator Bruce Power, majority owned by TransCanada, has since acquired Alberta Energy’s assets. In 
December 2007, Bruce Power Alberta announced that it would “now begin the process toward launching a full environ-
mental assessment of the Peace Country site for potential nuclear generation” (Platts Global Power Report, 2007). It is 
unclear when (or whether) the actual construction will go forward.
18 This certificate was issued to Syncrude for a 104-hectare parcel of land known as Gateway Hill. See Government of 
Alberta (2008a).
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Both mining and in situ extraction methods use a significant amount of water relative 
to the extraction of conventional crude oil. For the mining operations, the Athabasca River is 
the primary source of water, and oil-sand projects are by far the largest user of the Athabasca, 
at more than twice that of the city of Calgary (Woynillowicz, Severson-Baker, and Raynolds, 
2005; Griffiths, Woynillowicz, and Taylor, 2006). Production of one bbl of SCO by mining 
requires between 2 and 4.5 bbl of water. As of June 2006, oil-sand projects had licenses to with-
draw 2.3 billion bbl of water/year from the Athabasca, most of which ends up in tailing ponds. 
If all of the existing, approved, and planned projects were realized, this would result in licenses 
for about 4.3 billion bbl/year (NEB, 2006). The government of Alberta has addressed the 
issue with legislation limiting the maximum allowed total water withdrawal for all existing, 
approved, and planned uses, at most an annual withdrawal of 6.2 percent of the total annual 
volume of the minimum flow year on record (Alberta Environment, 2004). However, without 
an impact study, it is difficult to understand how this would affect the river basin. The Pembina 
Institute has expressed concern for the aquatic ecosystem of the river, as well as wetlands and 
peatlands across the region. In particular, the seasonal variability in the flow of the Athabasca 
River could be problematic; in winter months, the flow can drop to less than 15 percent of its 
average peak flow in July (Griffiths, Woynillowicz, and Taylor, 2006). NEB (2006) concluded, 
“the Athabasca River does not have sufficient flows to support the needs of all planned oil sands 
mining operations. Adequate river flows are necessary to ensure the ecological sustainability 
of the Athabasca River.” The Canadian government is increasingly attempting to address the 
issue, including setting specific limits on water removal from the Athabasca River under a new 
water-management framework (Alberta Environment, undated).

As part of the extraction process for surface-mined oil sands, large tailing ponds are used 
to facilitate the separation of water from a slurry of oil, sand, silt, and clay. NEB (2006) noted, 
“almost all of the water withdrawn for oil sands (mining) operations ends up in tailing ponds.” 
As of May 2006, tailing ponds already covered an area of more than 30 square miles (Griffiths, 
Woynillowicz, and Taylor, 2006), and the volume of ponds produced by Suncor and Syncrude 
alone are expected to exceed 6.3 billion bbl by 2020 (NEB, 2004). These extensive ponds 
contain hazardous contaminants, such as mercury and napthenic acids, that could migrate to 
groundwater or leak into surrounding surface water and soil and that pose a danger to migra-
tory birds. Additionally, the ponds are significant sources of methane emissions (NEB, 2004; 
Griffiths, Woynillowicz, and Taylor, 2006). Long-term management of tailing ponds “is one 
of the main challenges for the oil sands mining industry” (NEB, 2004), and the ponds could 
become major public liabilities should the companies not be able to cover the clean-up costs.

As mentioned, most bitumen is accessible only by in situ methods. These can be less envi-
ronmentally disruptive than surface mining in several respects. For example, in situ methods 
do not result in the extensive topographical changes that accompany surface-mining opera-
tions, and they do not lead to the creation of tailing ponds.19 However, surface-based drilling 
and supporting infrastructure (including roads, power lines, and pipelines) cause displace-
ment of other land uses and of preexisting flora and fauna at the site. While in situ production 
requires a significant amount of water, 90 to 95 percent can be recycled so that only 0.2 bbl 
of net additional groundwater/bbl of SCO is required, an order of magnitude less than the 

19 Compaction and surface damage can occur as a result of underground removal of bitumen.
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net volume required for mining operations.20 Demand for fresh water for in situ operations is 
expected to reach 82 million bbl/year by 2015, up from 32 million bbl/year in 2004, compared 
to the 2.3 billion bbl of water licensed for use by Athabasca mining operations in 2006 (NEB, 
2006). We note that water for subsequent upgrading is also required. The main environmen-
tal concern with using water for in situ operations is that the water is generally drawn from 
aquifers (fresh or saline) due to the location of operations. The potential long-term effects of 
this practice are unclear but could include removal of fresh water from the watershed, draw-
down and depressurization of freshwater aquifers, changes in groundwater levels, changes in 
underground water storage or flow due to voidage zones left by bitumen removal, and mobi-
lization of naturally occurring heavy metals, especially arsenic (Griffiths, Woynillowicz, and 
Taylor, 2006). The government of Alberta’s environmental department, Alberta Environment, 
is working to reduce or eliminate freshwater use for in situ projects, and the trend is to use 
more brackish or saline water. However, both saline and recycled water must be treated, result-
ing in sludge or solid waste that must be landfilled, requiring additional energy inputs (NEB, 
2006; Griffiths, Woynillowicz, and Taylor, 2006).

Quantifying the importance of these issues to oil-sand production, either in terms of the 
extent of the environmental impact or in terms of the additional cost that might be associated 
with SCO production as a result of higher water prices or stricter environmental regulations, 
is beyond the scope of this report. NEB (2004) noted, “cumulative environmental effects of 
development are beginning to be considered in a coordinated manner. Oil sands developers are 
taking advantage of new opportunities and technologies as well as synergies in their operations 
to improve environmental performance.” The degree of progress in resolving environmental 
issues will almost certainly affect the general desirability of using this resource on a large scale. 
On the other hand, at crude-oil prices substantially higher than the production price of SCO, 
such as the prices observed in 2008, the oil-sand industry would be able to finance substantial 
efforts to mitigate environmental risks.

Natural-Gas Prices

Extracting oil sands relies heavily on the use of natural gas. A comparison of spot prices of 
natural gas and crude oil shows that they have comparable levels of volatility (Figure 4.4). In 
addition, the amount of natural gas used by oil-sand projects has been increasing dramatically 
(see Figure 4.5). By 2015, more than 2 billion cubic feet/day (bcf/d) will be required. This is 
compared to Canada’s natural-gas production of 17.8 bcf/d in 2004.

To reduce natural-gas requirements, companies are considering creating fuel gas from 
residual products from upgrading bitumen. OPTI Canada Ltd. will use this process in its 
Long Lake SAGD project, currently being built, which is expected to dramatically reduce 
natural-gas requirements (NEB, 2006; OPTI Canada, 2007). Although this increases up-front 
capital expenditures, it is expected to have a lower operating cost than other oil-sand projects. 
However, it will also increase CO2 production in the absence of CO2 controls.

Projections of future oil-sand costs could change due to a technical advance that addresses 
use of water as a solvent and the cost and availability of natural gas. As discussed, oil-sand 
companies are researching alternatives to using water as a solvent for extracting bitumen. The

20 Note that, while in situ water recycling reduces the total water use relative to that implied by the earlier-noted SOR 
of 2.5, it does not reduce the amount of energy required to convert 2.5 bbl water/bbl SCO to steam for the extraction 
process.
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Figure 4.4
Natural-Gas Prices Compared to Oil Prices
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two alternatives, VAPEX and THAI, are both in the early stages of research and appear to be 
years away from development. Publicly available information is not sufficient to develop cost 
estimates for these methods. In addition, the environmental consequences of injecting such 
solvents are unknown. There are too many uncertainties with these techniques to provide cost 
estimates.

Nuclear power could be used to produce electricity, steam, and hydrogen for oil-sand 
projects. However, in addition to concerns about radioactive-waste management and prolifera-
tion, there may be limitations on the use of nuclear power in the oil-sand industry. Oil-sand 
projects are generally dispersed, whereas nuclear plants generally provide a large amount of 
power at a single site. Piping steam over great distances would not be practical,21 and electricity 
transmission would require significant infrastructure investments to reach many small, often 
remote oil-sand sites. H2 production via electrolysis today is expensive, and, again, there is no 
existing infrastructure for moving large amounts of H2 to remote oil-sand sites (NPC, 2007). 
At present, there is insufficient information to provide cost estimates if nuclear power were 
used in oil-sand projects. Additionally, if other methods, such as VAPEX or THAI, are intro-
duced to replace the use of steam, these methods would compete with nuclear power. This is 
particularly true given that it will likely take at least a decade if not longer to build a nuclear-
power plant, allowing significant time for one of these other methods to develop.

21 The Alberta Chamber of Resources (2004, p. 54) stated, “more work is required on an economically attractive scale, as 
SAGD operations of greater than 100,000 barrels daily are normally spread out over an area not suitable for steam distribu-
tion from a single source.”
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Figure 4.5
Natural-Gas Consumption for Oil-Sand Production: Past and Future Projected
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Other Market Constraints

The production of oil sands occurs within the context of a broader energy network, a limited 
labor market, and an evolving regulatory framework. For example, in addition to prices for 
natural gas, the physical availability of gas in terms of regional production and transporta-
tion bottlenecks will depend on the broader energy infrastructure in the oil-sand region and 
throughout Canada. Refining capacity and oil pipelines could also constrain the production of 
SCO on the output side. Additionally, the labor available in Alberta to build and run oil-sand 
projects is already insufficient. Companies have begun to fly workers in for periods of time and 
to offer significant bonuses, and labor expenditures could significantly raise the costs of future 
projects, or at least delay them, resulting in lower-than-anticipated production levels. Addition-
ally, the oil-sand regions are faced with housing shortages and stress on public infrastructure 
and services (NEB, 2004, 2006). The rapid evolution of the political and regulatory environ-
ment makes it unclear what impact these factors will have. It is conceivable that regulatory and 
socioeconomic issues could significantly constrain the development of oil-sand production. 
While we do not attempt to quantify these impacts, and while “[s]takeholders have demon-
strated a strong dedication to preserving the social well-being of communities” (NEB 2004), 
we note their potential significance to the profitability as well as the general feasibility and 
public acceptance of expanded oil-sand operations.
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Carbon-Dioxide Production, Capture, and Storage

Producing SCO requires more energy input than does producing conventional crude oil. This 
implies higher life-cycle CO2 emissions for SCO than for conventional crude and, in the face 
of CO2 regulation, this could influence the relative economics of the two products.

Baseline Carbon-Dioxide Emissions from Oil-Sand Production

CO2 emissions are created across all stages of bitumen extraction and upgrading to SCO, 
including from point sources that, in principle, are amenable to application of CCS. The total 
life-cycle CO2 emissions for SCO are about 20 percent higher than low-sulfur, light crude oils.22 
Ranges of CO2e23 intensities used in this analysis for the individual steps in both mining and 
in situ SCO production are listed in the top half of Table 4.1 and are taken from a recent report 
by the Pembina Institute.24 The ranges of total production emissions are 0.073–0.11 CO2e/
bbl SCO for mining and extracting plus upgrading and 0.094–0.13 tons CO2e/bbl SCO for 
in situ plus upgrading. Pembina’s numbers are consistent with values assumed in version 1.8a 
of the Greenhouse Gases, Regulated Emissions, and Energy Use in Transportation (GREET) 
model (Argonne National Laboratory, 1999), which are 0.099 and 0.12 tons CO2e/bbl SCO 
for mining and in situ, respectively.25 Using Suncor data for 2006, we calculate that the aver-
age emissions from its operations, which include both mining and in situ recovery operations 
and upgrading, are approximately 0.087 CO2e/bbl SCO.26 By Syncrude’s own calculations, 
the average emissions from its combined mining and in situ operations are 0.12 tons CO2e/bbl 
SCO.27 Pembina’s reported ranges are consistent with these industry values.

We account for the emissions associated with transporting SCO to the United States, and 
for the analogous transport emissions for crude oil, using values taken from GREET.28 In this 
analysis, we assume CO2 emissions from the refining, distribution, and use of a barrel of SCO 
to be the same as the analogous emissions from a barrel of crude oil. Specifically, we assume 
that a barrel of crude oil and a barrel of SCO each contains 0.13 tons of carbon, so the CO2

22 In practice, conventional crude comes from a variety of sources with a range of GHG-emission intensities; some of the 
heavy oils are more similar to oil sands with respect to total life-cycle GHG emissions.
23 CO2e refers to CO2 equivalents and includes CO2 as well as other GHGs, such as methane (CH4) and nitrous oxide 
(N2O), scaled by the heating impacts of the gases relative to CO2.
24 McCulloch, Raynolds, and Wong (2006). The Pembina Institute, an environmental organization focused on sustainable 
energy, is widely accepted as a reliable source for these figures. For example, NEB’s Canadian–oil-sand report (2006) cited 
GHG-intensity values from an earlier Pembina report (Woynillowicz, Severson-Baker, and Raynolds, 2005). We also note 
that conversations with individuals in academia and industry have confirmed the general credibility of Pembina’s figures 
and its analytic methods.
25 These totals include CH4, N2O, and CO2 intensities from GREET, scaled by IPCC global-warming–potential (GWP) 
values of 25, 198 and 1, respectively. Extraction, upgrading, and transport to U.S. facilities are all included.
26 Environment Canada (2007a); Suncor (2007b, 2007c). This calculation is based on dividing total annual emissions by 
total production, of which 3 percent is bitumen, not SCO, so the value would be slightly higher/bbl SCO when including 
upgrading of this 3 percent of product.
27 Syncrude (2006). Our calculations using Syncrude’s reported production levels (Syncrude, 2006, p. 16) and the slightly 
higher Environment Canada (2007a) GHG-intensity number yield the same value to two significant figures.
28 Emissions for recovery and transport of crude oil in the GREET model are 0.042 tons CO2e/bbl and have been included 
in this analysis for the life-cycle emissions of conventional petroleum. Again, CH4, N2O, and CO2 values from recovery and 
transport in the GREET model are used.
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Table 4.1
Oil-Sand Emissions: Production of SCO and Life Cycle with Carbon Capture and Storage

Process

CO2 Intensity (ton CO2e/bbl SCO)

Low High

Extraction and production emissions without CCS

Mining and extraction

Point (utility heaters, power) 0.015 0.022

Nonpoint (fleet, mine face, tailing ponds) 0.010 0.014

Total 0.025 0.035

In situ (SAGD)

Point (boilers and plant energy) 0.044 0.050

Nonpoint (fugitive, vehicle fleets, flaring) 0.0036 0.0045

Total 0.047 0.054

Upgrading

Point: hydrogen production 0.013 0.037

Point: combustion sources (coker, boilers) 0.034 0.034

Nonpoint (fugitive) 0.00091 0.00091

Total 0.047 0.072

Total production emissions generated

Mining and extraction + upgrading 0.073 0.11

In situ + upgrading 0.094 0.13

Emissions assuming CCS with capture from point sources

Mining and extraction + upgrading with CCS + transport to United States

Production emissions captured and stored (assuming 
capture from all point sources)

0.053 0.079

Production emissions released 0.020 0.028

Transport emissions 0.021 Same

Use-phase emissions 0.47 Same

Total life-cycle emissions released 0.51 0.51

In situ + upgrading with CCS + transport to United States

Production emissions captured and stored (assuming 
capture from all point sources)

0.076 0.10

Production emissions released 0.018 0.023

Transport emissions 0.021 Same

Use-phase emissions 0.47 Same

Total life-cycle emissions released 0.50 0.51

SOURCES: Point and nonpoint emissions in production: Pembina Institute (McCulloch, Raynolds, and Wong, 
2006); emission-capture fraction from point sources: 86 percent for hydrogen production, 85 percent for all 
others (e.g., heaters, power) from IPCC (2005, Chapter Three); transport and use-phase emissions: GREET v1.8a 
(Argonne National Laboratory, 1999).
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emissions resulting from refining and end use (i.e., combustion of products, such as gasoline) 
is about 0.47 tons for both.29

Carbon-Dioxide Capture and Storage for Oil Sands

CO2 emissions for SCO production as shown in Table 4.1 are low relative to the use phase of 
the fuel. A large fraction of these are from point sources and thus can be captured. This analy-
sis assumes that, if CCS were applied at all, it would be applied to all of these point sources. 
However, given that the cost of capturing CO2 from hydrogen production will likely be lower 
than for other point sources, CCS could be applied just to upgrading facilities and not to 
extraction facilities.

Assuming the ranges presented in Table 4.1 for production emissions captured and stored, 
and assuming a 60-40 surface mining–in situ industry composition, a 3 million bbl/d oil-sand 
industry in Canada would produce around 70 million to 95 million tons of CO2/year. Cen-
tral Alberta has a significant number of natural-gas and oil fields, and the Alberta Chamber 
of Resources (2004, p. 65) concluded that there is enough storage space for about 100 million 
tons of CO2 annually for more than 300 years. This CO2 production level is at the high end 
of what we estimate would be produced by a 3 million bbl/d oil-sand industry, so even for the 
significantly larger production estimates for 2025 (i.e., ~7 million bbl/d), if these estimates 
are correct, Alberta would have ample geologic storage potential for a significantly expanded 
oil-sand industry. EOR is a preferred use of CO2, but the total EOR potential of Canada or 
Alberta is not known.

There have been a number of recent activities related to CCS in Canada. For exam-
ple, the Integrated CO2 Network (ICO2N), an alliance of 15 leading industrial companies in 
Canada, including Suncor and Syncrude, formed a CCS initiative in 2007. The group aims 
to work with the Alberta and Canadian governments on developing a multi-industry, multi-
province CCS system, including a CCS policy framework and infrastructure (see ICO2N, 
undated). Also in 2007, the Alberta government itself created a Climate Change and Emissions 
Management Fund for fast-tracking funding to low-emission technologies (Government of 
Alberta, 2008b). In March 2007, the prime minister announced the formation of the Canada-
Alberta ecoENERGY Carbon Capture and Storage Task Force “to recommend the best ways 
for Canada to implement the technology on a large scale” (Government of Alberta, 2007). In 
April 2008, the government announced its plan to reduce CO2 emissions by 20 percent from 
current levels by 2020. Also in April, the government of Alberta announced an agreement with 
TransAlta Corporation and Alstom Canada to develop a large-scale CCS facility in Alberta 
(TransAlta, 2008). In July 2008, the Alberta government committed to allocating $2 billion 
to “encourage construction of Alberta’s first large-scale CCS project” as part of a $4 billion 
“climate change action plan” (Government of Alberta, 2008c).

Unit Costs for Oil-Sand Production

In this section, we present estimates of current unit costs for oil-sand production and estimate 
a range of potential production costs of SCO in 2025. To understand current and future SCO 

29 Our calculation ignores the small energy and CO2 flows associated with any nonpetroleum-energy use in refining and 
with final product distribution.
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prices in the context of potential natural-gas and CO2 prices, we use the following equation for 
the cost of producing SCO using either mining or in situ methods:

production cost bbl annualized capital c$ / hharge annual production bbl

annualized

$

nnonfuel operating costs annual producti$ oon bbl

natural-gas feedstock intensity Mcf bbbl

price of natural gas $ Mcf

CO emitt2 eed ton CO bbl cost of CO emissions $ ton2 2 CCO

CO captured ton CO bbl cost of CCS
2

2 2 $$ .ton CO2

In this analysis, the first two terms in the production-cost equation are set within a fixed 
range of values for each of the two technologies. The third term provides a way to examine the 
sensitivity to natural-gas prices. The fourth term provides a way to account for the impact of 
regulations that would impose a cost on CO2 emissions and is varied in this analysis. The final 
term is set within a fixed range of values based on our estimates of emissions and CCS costs.

Current Costs for Oil-Sand Production Without Carbon-Dioxide Management

Current cost estimates are derived from the technical and economic assumptions and resulting 
production costs reported by NEB (2004, 2006). Lacombe and Parsons (2007) developed a 
financial-analysis spreadsheet based on this information, which we use herein to determine the 
unit production costs of SCO in the absence of CO2 management (i.e., to determine the values 
of the first three terms in the production-cost equation). The spreadsheet uses the standard 
discounted-cash-flow method to determine the cost of production of bitumen and SCO from 
each of the two dominant oil-sand technologies, integrated mining and upgrading and in situ 
SAGD with a separate stand-alone facility for upgrading.

The technical and economic assumptions that are used as inputs for the financial analy-
sis are given in Tables 4.2a and 4.2b for the two technologies. The assumptions in column 2 
of both Tables 4.2a and 4.2b are consistent with NEB and represent current costs as of 2006 
(NEB, 2006; Lacombe and Parsons, 2007). The modified assumptions used in this analysis 
are summarized in column 3. The period of investment over which the internal rate of return 
(IRR) is calculated herein is the same as was assumed in the original 2006 NEB report, 45 or 
42 years, depending on the technology.30 The other assumptions in Lacombe and Parsons that 
we use are as follows: a capacity factor of 1.0, a refinery yield of 1 bbl SCO/bbl bitumen, and an 
exchange rate of Canadian to U.S. dollars of 0.85. All cost inputs and results in Table 4.2 are 
in real 2005 U.S. dollars (2005 US$) and yield a levelized cost for products. The costs reported 
can be interpreted as the price obtained for SCO at Edmonton, which would produce a real, 
after-tax IRR of 10 percent. We have used the price of a barrel of SCO at Edmonton rather 
than making any assumptions regarding further shipping and refining costs.31

30 The CTL cost model described here uses a 30-year period of investment.
31 The figures are therefore comparable to those reported by NEB (2006) and other Canadian sources.
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Table 4.2a
Economic and Technical Assumptions for Integrated Mining and Upgrading, Current and Future, 
Assuming No Costs for Carbon-Dioxide Management

Parameter Current Value Value or Range in 2025

IRR (%) 10 10

Investment period (years) 45 Same

Corporate tax (%) 32.1 Same

Royalty, minimum rate (%) 1 Same

Royalty, postamortization rate (%) 25 Same

Price of natural gas (2005 $/million Btu) 7 4–10

SCO production at full scale, by year 7 (bbl/day) 200,000 Same

Initial capital costs, equally spaced over initial 8 years of 
construction (2005 $ millions)

8,500 6,800–8,500

Recurring capital costs: years 5–6 at 100,000 bbl/d, years 7–45 at 
200,000 bbl/d (2005 $/bbl SCO)

1.06 0.85–1.06

Natural-gas consumption (Mcf/bbl SCO) 0.75 Same

Non–natural gas cash operating costs (2005 $/bbl SCO) 10.20 8.16–10.20

SOURCES: Lacombe and Parsons (2007), NEB (2004, 2006).

Future Production Costs Without Carbon-Dioxide Management: Capital-Cost Uncertainties 
and Learning-Based Cost Declines

Even though SCO production from Canadian oil sands has been ongoing for decades, future 
production costs are uncertain. This is exemplified by the twofold increase that NEB (2004, 
2006) estimated in production costs for 2004 to 2006. Moreover, according to NEB, oil-
sand capital costs today are even higher than those indicated in its 2006 report due to rapidly 
escalating construction costs, including labor (NEB, 2008). The production-cost uncertainties 
center on the capital costs of future oil-sand projects (i.e., the first term in the production-cost 
equation). These increases are due to the cost-factor escalation for materials and labor used in 
capital projects that has been higher than anticipated and more rapid than general inflation. A 
number of other competing factors could either increase or decrease future production costs, 
and it is not clear which factors will dominate. For example, oil-sand developments can be 
highly site-specific, and future oil-sand development will increasingly target resources that are 
more difficult to extract than prior ones. Environmental remediation will also have associated 
costs. However, there are also opportunities to improve the efficiency of existing technologies 
and the potential for the development of new ones (Bergerson, 2007; Bergerson and Keith, 
2006). We have attempted to capture some of this uncertainty in a simple way by including a 
fixed range of capital costs for both technologies in this analysis.

Production costs tend to decline as an industry matures. Historical experience curves can 
be used to project future supply costs based on expected future cumulative production (Lieber-
man, 1984; Argote and Epple, 1990). Historical data from the literature (Alberta Chamber of 
Resources, 2004; Alberta Energy Resources Conservation Board, 2008) indicate a significant 
decline in SCO production costs between 1985 and 2000. However, a simple trend analysis 
based on cumulative production is insufficient. First and most obvious, recent production costs
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Table 4.2b
Economic and Technical Assumptions for Steam-Assisted Gravity Drainage and Upgrading, Current 
and Future, Assuming No Costs for Carbon-Dioxide Management

Parameter Current Value Value or Range in 2025

IRR (%) 10 Same

Investment period, SAGD (years) 42 Same

Investment period, stand-alone upgrader (years) 45 Same

Corporate tax (%) 32.1 Same

Royalty, minimum rate (%) 1 Same

Royalty, postamortization rate (%) 25 Same

Price of natural gas (2005 $/million Btu) 7 4–10

SAGD

Bitumen production at full scale, by year 13 (bbl/day) 120,000 Same

Annual construction capital costs, initial 12 years (2005 
$ millions/yr)

128 102–128

Annual recurring capital costs, exploitation in years 13–42 
(2005 $ millions/yr)

25.50 20.40–25.50

Required diluent (% blend by volume) 33.3 Same

SOR (bbl water/bbl bitumen) 2.5 Same

Natural-gas consumption (Mcf/bbl water) 0.42 Same

Nongas cash operating costs
(2005 $/bbl bitumen)

$2.98 $2.38–2.98

Stand-alone upgrader

SCO production at full scale, by year 7 (bbl/day) 200,000 Same

Initial capital costs, equally spaced over initial 8 years of 
construction (2005 $ million)

$6,380 5,100–6,380

Recurring capital costs: years 5–6 at 100,000 bbl/d, years 7–45 
at 200,000 bbl/d (2005 $/bbl SCO)

0.53 0.43–0.53

Natural-gas consumption (Mcf/bbl SCO) 0.47 Same

Nongas cash operating costs (2005 $/bbl SCO) 4.25 3.40–4.25

SOURCES: Lacombe and Parsons (2007); NEB (2004, 2006).

have been driven much higher than historical ones, as a result of economic and other con-
straints (NEB, 2004, 2006; Lacombe and Parsons, 2007). Additionally, most of the decrease in 
costs for integrated mining has come from improvements in mining practices that are mature; 
for in situ production, costs of production were flat for several years before the recent increases 
(Alberta Chamber of Resources, 2004).

The literature on learning curves suggests that a “typical” learning rate over the life of 
an industry implies a cost decline on the order of 20 percent with each doubling of cumula-
tive production. There is a wide distribution around this value, depending on the technology 
considered and the study referenced. For example, a 1989 RAND study found, on average, a 
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24-percent decline in costs for every doubling of production capacity across a broad array of 
chemical-process technologies, but the declines for individual technologies ranged from 2 per-
cent to 44 percent.32 Taking the various contributors to oil-sand costs into account, including 
recent cost escalation, we use in this study a more conservative progress rate of approximately 
10 percent for this more mature technology. Specifically, we assume that, since both oil-sand 
technologies are expected to approximately double twice in cumulative capacity by 2025, a 
10-percent learning rate (i.e., 10-percent unit-cost decline with every doubling of cumulative 
production) would lead to a 20-percent decrease in these costs by 2025. We apply these savings 
to the current base-case, nongas cash operating costs and initial and recurring capital expen-
ditures in Lacombe and Parsons’ financial spreadsheet. This is the optimistic (low-cost) case we 
use to represent the impact of learning on oil sand–production costs. The pessimistic (high-cost) 
case assumes the same costs as NEB (2006) reported, reflecting the other uncertainties noted 
here, particularly those associated with increasingly difficult-to-extract oil-sand resources and 
inflation in labor and material costs. These ranges are summarized in the third columns of 
Tables 4.2a, 4.2b, and 4.3.

Arguments can be made for why future costs could be higher or lower than the range we 
report herein; there is not enough information and there are too many conflicting factors to 
definitively determine these values. Even so, it appears very likely that SCO-production costs, 
in the absence of a price on environmental externalities, such as CO2 emissions, will be well 
under $50/bbl, which means that SCO will be economically competitive with crude oil over a 
wide range of expected future price scenarios.

Cost Sensitivity to the Price of Natural Gas

In addition to technology-cost uncertainties, the intensity of natural-gas use in the produc-
tion of oil sands can be highly variable. For example, the financial spreadsheet we use herein 
assumes a commonly cited SOR of 2.5 for a high-quality SAGD site (Lacombe and Parsons, 
2007; NEB, 2006; Griffiths, Woynillowicz, and Taylor, 2006), but, in reality, this value can 
range over as much as an order of magnitude, even within a given site (Bergerson, 2007). In 
the discussion that follows, we examine the sensitivity of SCO cost to the price of natural gas. 
This can also be interpreted as providing a rough representation of the sensitivity of SCO cost 
to the intensity of natural-gas use.

Using the production-cost equation, we first examine the sensitivity of SCO-production 
costs to variations in the price of natural gas assuming that no costs are incurred for releas-
ing CO2 and that no CO2 is captured (i.e., the fourth and fifth terms in the equation are 0).

Table 4.3
Unit Production Costs, Current and Future, Assuming No Costs for Carbon-Dioxide Management

Parameter Current Costs Range of Costs in 2025

Integrated mining and upgrading (2005 $/bbl SCO) 34.00 27.70–33.50

SAGD and stand-alone upgrader (2005 $/bbl SCO) 37.30 30.70–35.90

SOURCE: Lacombe and Parsons (2007) spreadsheet output based on assumptions in Table 4.2 and those described 
in the text about cost changes.

32 Merrow (1989). Although the oil-sand example in this study was given as an example of failure to learn in pioneer plants, 
as noted, the oil-sand industry did experience significant cost decreases subsequent to 1989.
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Figure 4.6 illustrates this production-cost sensitivity for SCO produced by both integrated-
mining and in situ methods. We have covered a broad range of natural-gas prices including 
the range of prices predicted by EIA in 2007 for 2025. Th e orange and blue regions rep-
resent the uncertainty associated with the range of capital and operating costs for the two 
production techniques, integrated mining and SAGD, respectively. Th e vertical dashed line 
in Figure 4.6 shows the EIA 2007 reference-case value for the price of natural gas (for elec-
tric power) in 2025. Th e horizontal dashed line indicates EIA’s 2007 reference-case price of 
imported low-sulfur light crude oil for the same year. Since the unit costs of both technolo-
gies rise with higher natural-gas prices, the break-even crude-oil price for both technologies 
is higher if natural-gas prices increase. However, on a Btu basis, the break-even oil price is 
not highly sensitive to the natural-gas price; each $1/mmBtu increase in the price of natural 
gas causes around $1/bbl increase in the break-even oil price, depending on the technology 
($0.70/bbl and $1.50/bbl for mining and SAGD, respectively). Accordingly, the production 
cost for SCO from in situ processes is not expected to exceed the EIA base-case price of crude, 
even under the high capital-cost assumptions for SAGD, until the price of natural gas reaches 
nearly $20/million Btu (not shown in Figure 4.6, as this is not within the range of plausible 
natural-gas prices). In other words, under EIA’s scenarios, natural-gas prices alone are not 
expected to constrain oil-sand development. We also note that, in all likelihood, future sce-
narios in which natural-gas prices will be relatively high are also those in which crude-oil

Figure 4.6
2025 Production Cost of Synthetic Crude Oil Versus the Price of Natural Gas, Assuming No 
Costs for Carbon-Dioxide Management

NOTE: AEO = Annual Energy Outlook.
RAND TR580-4.6
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prices will be high. For these reasons, we do not incorporate natural gas–price variability in our 
comparison of SCO and conventional-fuel costs in Chapter Five.

The higher average intensity of use of natural gas for SAGD causes its unit production 
cost to exceed that of integrated mining when natural gas costs more than $3.00/mmBtu and 
$3.50/mmBtu for the low- and high-cost cases, respectively. However, most oil-sand reserves 
are accessible only through in situ methods, such as SAGD. Therefore, in practice, this will 
be the marginal technology for significant expansion of SCO, even if natural-gas prices are 
around or above the EIA reference level.

Current Carbon Dioxide–Management Costs for Synthetic Crude Oil

A range of costs for production of SCO with CO2 management in 2025 can be calculated 
assuming that CCS is employed at all point sources in the processes of extracting and upgrad-
ing bitumen into SCO for both mining and in situ methods. We can then determine a range 
of values for the fifth term in the production-cost equation. With these values, we can examine 
the sensitivity of SCO-production costs to variations in the cost of CO2 emissions (the fourth 
term in the production-cost equation) both with and without CCS. We begin by estimating 
what the cost for CO2 management for SCO operations would be today.

Estimates for the current costs of capture of CO2 for all point sources are based on data 
compiled in the most recent IPCC Special Report on Carbon Capture and Storage.33 For all 
point sources other than hydrogen production (i.e., utility heaters, power, boilers, combustion 
sources), the cost of controlling CO2 from a new PC power plant was used;34 new H2-plant 
values were used for the H2 point-source cost to control CO2 (IPCC, 2005, Table 3.15). The 
CO2 captured/bbl of production represents approximately an 85-percent reduction in CO2 
emissions from all point sources listed in Table 4.1.35 In addition to the 15 percent of point-
source emissions that are not captured, we assume that no non–point source emissions will be 
captured. All noncaptured emissions will instead result in an additional cost based on the cost 
of CO2 emissions. The range of expected costs for CO2 transport and storage are also taken 
from IPCC (2005, Table TS.9). Pipeline and infrastructure costs are proportional to the dis-
tance the CO2 must be transported and to the size of the CO2-generating facility. The costs of 
identifying, commissioning, decommissioning, and long-term monitoring of storage sites are 
highly uncertain.

Total current CCS costs are a sum of the following values from IPCC: (1) capture costs 
from heaters, power, and boilers: costs centered on the representative value for new PC plants; 
(2) capture costs from H2 production: costs centered on the representative value for new H2 

33 IPCC (2005). All IPCC values were converted from 2002 $/metric ton (tonne) to 2005 $/ton. To do this conver-
sion, we used the ratio of the 2005 producer price index (PPI) for petroleum refineries (Bureau of Labor Statis-
tics, undated) to the average of the values for this index in 2001, 2002, and 2003. This ratio yielded a multiplier of 
1 92 205 3 103 1 96 3 121 2 3. . . . . .  The rationale for using this particular PPI rather than a broader-based 
index is that (a) the refining sector is a reasonable proxy for cost adjustments relevant to investments in CO2 capture and (b) 
there were significant real cost changes in the refining sector over the period in question, which a broader-based price index 
would not adequately capture.
34 We use IPCC’s cost/ton of CO2 avoided rather than the cost/ton of CO2 captured in recognition of the fact that CO2 
capture has an energy (and thus also a CO2) penalty.
35 Based on IPCC values, we assume capture of 86 percent of H2-production emissions and 85 percent of all other point 
sources (e.g., heaters, boilers, power).
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plants;36 (3) transport costs: the range of values for facilities that can produce ~5 megatons 
(Mton) CO2/yr;37 (4) storage, including monitoring and verification: the entire range given by 
IPCC (2005, Table 8.2). These values have been converted to appropriate units, and we have 
assumed, as does IPCC, that 85- and 86-percent reductions in CO2 are possible from heaters, 
power, and boilers and hydrogen production, respectively. These values are the current values 
presented in the second column of Table 4.4.

Development and Learning for Carbon-Dioxide Capture

Consistent with IPCC findings, we anticipate that technical progress may reduce CO2-capture 
costs by 20–30 percent over approximately the next decade (IPCC, 2005). Accordingly, for 
SCO operations in 2025, as a conservative midpoint, we assume a 25-percent reduction from 
IPCC estimates in costs for CCS-operation capture and compression components for our cap-
ture and compression costs. We have then reduced capture costs from both (1) heaters, power, 
and boilers and (2) H2 production by 25 percent to yield costs in the year 2025, in 2005 dol-
lars. For transport and storage, we do not assume any cost improvement because pipeline trans-
port is based on a mature technology and our estimates of storage costs assume that significant 
learning has taken place. The resulting cost parameters are summarized in the third column 
of Table 4.4.

Using these cost assumptions, total CCS costs/bbl SCO in 2025 for each of the two 
technologies can be calculated. These are given in column three of Table 4.5. These values are 
added to the unit production costs from Table 4.3 to determine the range of total estimated

Table 4.4
Carbon-Dioxide Reduction and Expected Carbon Capture and Storage Cost Parameters for Oil Sands 
in 2025

Parameter Current Value Range of Costs in 2025

CO2 reduction: e.g., heaters, power, boilersa 85 percent

CO2 reduction: H2 productiona 86 percent

CCS system-component cost parameters ($/ton CO2)

Capture, point source: e.g., heaters, power, boilersa 62.70–80.20 47.10–60.10

Capture, point source: H2 productiona 17.40–34.90 13.10–26.10

Transportation, 250-km pipeline or shippingb 3.70–5.80 Same

Storage, including monitoring and verificationb 1.10–14.50 Same

NOTE: Values have been adjusted to 2005 US$ and, in the case of capture costs, have been reduced by 25 percent 
to account for technological learning by 2025 (i.e., the anticipated improvement by 2015 in IPCC, 2005).
a SOURCE: IPCC (2005, Chapter Three, Table 3.15).
b SOURCE: IPCC (2005, Chapter Eight, Figure 8.1 and Table 8.2).

36 For both capture numbers, see representative values in IPCC (2005, Table 3.15). In both cases, the range we have used 
around this number (±$5/ton CO2) is within the range of values shown here but is more appropriately weighted toward the 
representative values.
37 See IPCC (2005, Figure 8.1). We have used the range of costs for a 250-km pipeline at 5 Mton CO2/yr (5.5 Mton CO2/
yr), which is approximately 2002 US$2.10–3.30/tonne CO2, and converted these to 2005 US$/ton CO2. This is based on a 
200,000 bbl/d facility and storage requirements at 0.07 ton CO2/bbl SCO.
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Table 4.5
Expected Total Carbon Capture and Storage Costs/Barrel of Synthetic Crude Oil in 2025

Process Current Cost ($/bbl SCO) Range of Costs in 2025 ($/bbl SCO)

Mining and extraction + upgrading

Capture, all point sourcesa 3.41–5.94 2.55–4.45

Transportb 0.23–0.55 Same

Storageb 0.07–1.39 Same

Total CCS 3.71–7.88 2.85–6.39

In situ + upgrading

Capture, all point sourcesa 5.23–8.27 3.92–6.20

Transportb 0.34–0.72 Same

Storageb 0.10–1.81 Same

Total CCS 5.67–10.80 4.36–8.73

a Sources: (1) IPCC (CO2-reduction percent and capture costs: IPCC, 2005, Chapter 3, Table 3.15); (2) Pembina 
Institute (CO2 sources and intensities: McCulloch, Raynolds, and Wong, 2006).
b Sources: (1) IPCC (transport and storage costs: IPCC, 2005, Chapter 8, Figure 8.1 and Table 8.2); (2) Pembina 
Institute (CO2 sources and intensities: McCulloch, Raynolds, and Wong, 2006).

costs for production for both technologies, including CCS, at all point sources and assuming a 
zero cost for emitting CO2, as shown in Table 4.6. These base values are then used for the CO2 
cost–sensitivity analysis in Chapter Six.

Overall, our analysis gives a range of production costs in 2025 based on modest tech-
nological improvements to today’s commercially available oil-sand technologies (i.e., values 
in Table 4.3) and based on a range of additional costs/unit of output for application of CCS 
(Table 4.4) to each of the two major oil-sand technologies (i.e., values in Table 4.5). We note 
that a number of factors could cause variation from IPCC estimates. For example, retrofitting 
for capture at point sources of existing oil-sand operations is a possibility. This implies costs 
on the high end of IPCC estimates for a number of reasons, including the existence of smaller 
point sources, which would not benefit from economies of scale. Additionally, switching from 
natural gas to bitumen or bottoms to avoid the risk associated with natural gas–price volatility 
would lead to a higher CO2 intensity associated with heating and power for oil-sand opera-
tions.38 Conversely, efficiency improvements would tend to decrease the CO2 intensity of oil-
sand operations, which would moderate this effect. Our range around the IPCC representative 
values is intended to capture some of this uncertainty.

38 This assumes that nuclear power will not be used for heat and power applications.
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Table 4.6
Expected Production Costs/Barrel of Synthetic Crude Oil in 2025

Cost
Low-Cost Assumptions 

(2005 $/bbl SCO)
High-Cost Assumptions 

(2005 $/bbl SCO)

Mining and extraction + upgrading

Estimated 2025 production cost without CCS 27.70 33.50

CO2 capture, transport, storage 2.90 6.40

Estimated 2025 production cost including CCS 30.60 39.90

In situ + upgrading

Estimated 2025 production cost without CCS 30.70 35.90

CO2 capture, transport, and storage 4.40 8.70

Estimated 2025 production cost including CCS 35.10 44.60
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CHAPTER FIVE

Coal-to-Liquids Production

This chapter considers the production of CTL fuels via indirect liquefaction, which is the 
method for producing liquid fuels from coal that is currently receiving the most attention in 
the United States.1 The analysis includes a discussion of the U.S. coal resource base, the fun-
damental technologies involved in CTL, the potential CO2 emissions—based on very prelimi-
nary plant designs—and options for capturing and storing plant-site emissions of CO2, and 
possible scenarios and limiting factors with respect to the development of a CTL industry in 
the United States.

The Coal Resource Base Relative to Coal-to-Liquids Production Needs

The United States possesses vast coal resources. Estimates of proven coal reserves are approxi-
mately 270 billion to 275 billion tons (EIA, 2006; Task Force on Strategic Unconventional 
Fuels, 2007). In 2005, the United States mined slightly more than 1.1 billion tons of coal, the 
vast majority of which (more than 1.0 billion tons) was used to produce electricity in coal-fired 
power stations. By 2025, the United States is expected to mine 1.5 billion short tons/year of 
coal, according to the EIA reference scenario in the 2007 AEO (EIA, 2007a). Bartis, Camm, 
and Ortiz (forthcoming) considered scenarios in which effective measures to reduce GHG 
emissions are adopted. They estimated an upper range of U.S. coal production (in the absence 
of a large CTL industry) to be 1.1 billion to 1.4 billion tons in 2030 and recognize the possi-
bility of much lower coal production. A recent analysis of the implications of proposed legisla-
tion to reduce GHG emissions predicts significant reductions in coal production should such 
legislation become law (EIA, 2008a).

The development of a large CTL industry in the United States would require mining 
significant amounts of additional coal. A CTL facility consumes approximately 0.5 tons of 
coal per barrel of liquid fuel. Therefore, a plant producing 30,000 bbl/d of FT liquids requires 
an input of approximately 15,000 tons of coal per day. This is comparable to the amount of 
coal that is consumed, on average, by a 2-gigawatt conventional coal-fired power station. If, 
by 2025, the CTL industry produces 2 million bbl/d of coal-derived liquids, it would require 
approximately an additional 400 million tons of coal per year. The analysis in Bartis, Camm, 
and Ortiz (forthcoming) suggests that recoverable U.S. coal reserves would be sufficient to 

1 Much of the material in this chapter relies on Bartis, Camm, and Ortiz (forthcoming). For more detail, see Bartis, 
Camm, and Ortiz (forthcoming, Chapter Three) and NETL (2007c).
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meet demand for electricity and the production of 3 million bbl/d of coal-derived liquids for 
decades past the 2025 time frame of this study.2

Liquid-Fuel Production via Indirect Liquefaction of Coal

A highly simplifi ed schematic of the FT CTL process is shown in Figure 5.1. Th e process 
begins with gasifying coal, which consists of reacting coal with steam and oxygen at elevated 
temperatures (approximately 2,500 degrees F) and moderate pressures (400 to 500 psia) to pro-
duce a mixture of syngas and CO2 (NETL, 2007c). As it leaves the gasifi er, the syngas is dirty, 
because it contains CO2 and various other gaseous molecules that derive from the impurities 
found in coal. Th ese impurities would harm the performance of subsequent processing steps 
and are therefore removed.3 To properly prepare the syngas, sulfur compounds are reduced 
to near-zero concentrations. In general, the captured sulfur would be converted to pure solid 
sulfur or sulfuric acid, both of which are marketable products as opposed to wastes. It is also 
during gas cleaning that trace mercury compounds would be completely removed.

One output of the syngas-cleaning process is a stream of CO2. Th ere are currently two 
options for the disposition of this stream: It can be emitted into the atmosphere, which would 
be the likely result if there were no requirement or incentive to manage GHG emissions, or 
it can be compressed for transport and sold for use in EOR operations (NETL, 2008). In the 
future, the captured CO2 may be transported to a permanent storage location.

Figure 5.1
Process Schematic for Fischer-Tropsch Coal-to-Liquids Systems

SOURCE: Bartis, Camm, and Ortiz (forthcoming).
NOTE: GTL = gas to liquids.
RAND TR580-5.1
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2 A recent report by the National Research Council (2007) concluded that continued expansion of U.S. coal produc-
tion would benefi t from updated resource estimates and R&D to improve mining productivity and reduce environmen-
tal consequences. In the time frame used for this report, these issues do not imply a threat to coal production to support 
unconventional-fuel development.
3 Depending on the catalyst used in the FT synthesis reactor, preparation of the syngas may require raising the gas’s H2
content. Th is involves reacting a portion of the CO in the syngas with steam, which results in additional production of 
CO2.
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After cleaning, the syngas is directed to the FT reactors. These reactors employ catalysts 
of either iron or cobalt to form hydrocarbons from the syngas. The range of hydrocarbons 
forms a distribution of carbon lengths, from gases (such as propane and butane) to waxes 
(which are longer hydrocarbons). By controlling the process conditions, it is possible to shift 
the distribution of the hydrocarbons that the FT reactor produces (Bartis, Camm, and Ortiz, 
forthcoming). Additional CO2 is typically removed at this stage of the process.

After leaving the FT reactor, the hydrocarbons are upgraded using well-established meth-
ods that are in common use in commercial refineries. The liquid fuels produced are near-zero-
sulfur synthetic diesel fuel and naphtha. FT naphtha has value as a feedstock for ethylene pro-
duction (NETL, 2007d). It also can be upgraded to gasoline suitable for use in automobiles. 
The analysis in the following section assumes that the naphtha is upgraded to reformulated 
gasoline.

Typical current energy efficiencies for FT CTL plants are approximately 50 percent 
(NETL, 2007c; SSEB, 2005). At an efficiency of 50 percent, an FT CTL plant converts one 
ton of bituminous or subbituminous coal (after drying) into roughly two barrels of FT liq-
uids. Plant efficiency is a function of plant design, the type of coal fired, and plant size. Larger 
plants (those with production capacities above 20,000 to 30,000 bbl/d of liquid fuels) have 
improved scale economies and tend to be more efficient than smaller plants (those with pro-
duction capacities less than 10,000 bbl/d of liquid fuels). In CTL plants that compress CO2 to 
be transported and injected below ground, additional electricity would be consumed, slightly 
reducing overall plant efficiency.

FT CTL benefits from recent experience in the two fundamental underlying technolo-
gies: coal gasification and FT synthesis. FT CTL plants share gasification technology with 
IGCC electricity plants and coal-gasification facilities for the production of chemicals. A recent 
survey documented the construction of 13 new coal-gasification facilities between 1993 and 
2004 (NETL, undated). These plants incorporate many of the same steps described already for 
CTL facilities, including

continuous high-pressure gasification of coal
handling and disposing of the ash or slag
gas cleaning
by-product preparation
preparing the syngas for the FT synthesis, including possibly adjusting the ratio of H2 to 
CO.

In addition to coal, other carbonaceous feedstocks may be gasified and converted to 
liquid fuels—in particular, biomass. This possibility has implications for the CTL plant’s life-
cycle GHG emissions. Recent experiments in cofeeding coal and biomass into IGCC plants 
have been successful (Amos, 2002; van Dongen and Kanaar, 2006).

FT synthesis is also a key component of plants that produce liquid fuels from natural gas–
to-liquids (GTL) plants. Shell built a first-of-a-kind GTL facility in Malaysia in 1990 that con-
tinues to produce approximately 14,700 bbl/d (Bartis, Camm, and Ortiz, forthcoming). More 
recently, Sasol converted a CTL facility to accept natural gas from Mozambique. In Qatar, a 
large GTL facility has recently begun operating, and a second plant is under construction.

Higher oil prices have motivated further R&D to improve FT synthesis. Leaders include 
large firms, such as Chevron, ExxonMobil, Sasol, and Shell, and smaller firms, such as Rentech 
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and Syntroleum. In the United States, several CTL and coal/biomass-to-liquids (CBTL) facili-
ties have been publicly announced. Table 5.1 lists several announced CTL projects that have 
advanced to the front-end engineering design (FEED) phase. The FEED phase is the begin-
ning of a facility’s site-specific engineering design with a sufficient level of detail to estimate 
system construction and operating costs and environmental emissions and effects. Comple-
tion of the FEED phase is a critical first step in resolving cost, technical, and environmental 
un certainties and leads to project financing, permitting, and the selection of a contractor to 
perform detailed engineering design and to construct the facility. That FEED is under way, 
however, does not guarantee that a plant will be constructed.

Methanol-to-Gasoline

An alternative near-term method for producing transportation fuels via the gasification of coal 
is the MTG approach. The MTG approach has three basic steps: Coal is gasified to produce 
syngas, the syngas is converted to methanol, and the methanol is converted into gasoline 
(Bartis, Camm, and Ortiz, forthcoming). MTG may be an attractive option for CTL in the 
United States because nearly all of the product slate is gasoline.4 The liquefied petroleum gases 
produced at the plant may be sold or could be used at the plant to make more power or increase 
gasoline output. Overall plant efficiencies and CO2-capture rates should be similar to those for 
FT CTL plants (Bartis, Camm, and Ortiz, forthcoming).

Current experience with components of the MTG process indicates that the technology 
is ready for commercial development (Bartis, Camm, and Ortiz, forthcoming). The front end 
of an MTG CTL facility would be very similar to that of an FT CTL facility and would take 
advantage of advances in coal gasification and synthesis-gas processing. Recent experience at 
the Eastman Chemical Company’s Kingsport, Tennessee, facility demonstrates the viability of 
producing commercial quantities of methanol by gasifying high-sulfur bituminous coal and 
catalytic reaction of the syngas. A 14,500-bbl/d MTG facility using natural gas as a feedstock 
operated from 1985 to the mid-1990s in Montunui, New Zealand. Additionally, two MTG

Table 5.1
Proposed U.S. Coal-to-Liquids and Coal/Biomass-to-Liquids Plants

Firm Location Capacity (bbl/d) Feedstock Notes

Rentech Natchez, Miss. 1,600 (phase 1) 
28,000 (phase 2)

Coal, petroleum coke Phase 1: 
demonstration; 
phase 2: full capacity

Baard Energy Wellsville, Ohio 50,000 Coal, biomass First phase would be 
at reduced capacity

WMPI Frackville, Pa. 5,000 Waste anthracite

DKRW Energy Medicine Bow, Wyo. 15,000–20,000 Coal MTG facility

SOURCES: Rentech (2008); Ohio River Clean Fuels (2007); DKRW Advanced Fuels (undated).

NOTE: These plants have advanced to the FEED phase.

4 Plants may also be designed to produce a small amount of electricity or LPG.
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projects are under way in China. DKRW Energy has announced that it has initiated a FEED 
for an MTG plant to be constructed in Medicine Bow, Wyoming.

Potential Constraints on Production of Coal-to-Liquid Fuels

The price of conventional oil at which CTL-derived fuels will be competitive in 2025 depends 
on the experience gained in producing these fuels. In general, the more fuel that is produced, 
the more experience that is gained, and thus the more opportunities for cost-reducing learn-
ing that occur. This section considers some of the technical and economic challenges that 
may constrain the buildup of a CTL industry in the United States and potentially limit these 
opportunities for learning. We limit ourselves to challenges internal to the design, construc-
tion, and operation of CTL facilities. We do not consider such constraints as permitting or 
challenges in the expansion of coal mining and transport, among others.

CTL production based on FT synthesis uses underlying technologies that are commer-
cially proven. However, there is a significant possibility that first-of-a-kind FT CTL plants 
built in the United States will experience performance shortfalls or other operational problems, 
especially during their initial operating years (Merrow, Phillips, and Myers, 1981). Many new 
U.S. CTL plants will be pioneer process plants because they will use new configurations of 
existing technologies drawn from the IGCC and GTL technology bases.

Challenges have surfaced in the evolving technology bases underlying FT CTL that illus-
trate this point. For example, the type of gasifier that is used in Sasol’s major CTL facility 
would be considered obsolete for new CTL applications (Bartis, Camm, and Ortiz, forthcom-
ing). There is evolving commercial experience with new gasifiers and related waste-recovery 
and gas-cleaning systems. Nevertheless, FT CTL facilities are very complex, and this complex-
ity also poses risks. A case in point is the unanticipated difficulties that Sasol experienced in 
starting up its FT GTL plant in Qatar. In particular, Sasol experienced performance shortfalls 
in the FT-synthesis section of the plant during start-up operations, which extended the start-
up period to more than 18 months, significantly increasing start-up costs (Sasol, 2007b). Sasol 
attributes the delay to challenges related to first-of-a-kind facilities (Sasol, 2007a).

FT CTL plants built in the United States will be as technically complex and challeng-
ing with similar performance risks. Recent publicly available reports on CTL assess potential 
development paths that could bring the United States from 0 bbl/d of CTL production to sev-
eral million bbl/d of production. The Southern States Energy Board published an aggressive 
production-growth scenario of 1 million bbl/d of CTL by 2016, growing to 2 million bbl/d 
by 2019 and 5.6 million bbl/d by 2030 (SSEB, 2005). The National Coal Council (2006) pro-
posed ramping up CTL production capacity to 2.6 million bbl/d by 2025. These estimates do 
not take into account cost-factor inflation or the commercial availability of CCS technology. 
Bartis, Camm, and Ortiz (forthcoming), alternatively, derived an estimate of the maximum 
production capacity for CTL, taking into account experience-based learning and the availabil-
ity of commercial-scale CCS. For 2025, they estimated a potential production capacity of 1.5 
million bbl/d, growing to 3 million bbl/d in 2030 (Bartis, Camm, and Ortiz, forthcoming).

In the analysis that follows, we use the Bartis, Camm, and Ortiz (forthcoming) esti-
mate to investigate possible effects of experience-based learning on lowering production costs. 
We also use a low-production case for CTL-production estimates from the 2007 AEO (EIA, 
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2007a), with U.S. CTL-production capacity of 220,000 bbl/d, to represent a scenario in which 
learning-based cost reduction is negligible.

Other key uncertain factors that have a significant bearing on the potential capacity of 
CTL are the trajectory of world oil prices, actual production costs of CTL, and the avail-
ability of commercial-scale CCS (Bartis, Camm, and Ortiz, forthcoming). Environmental 
concerns related to significant increases in coal mining would also need to be considered. Cur-
rent designs for CTL facilities consume significant amounts of water, which may pose some 
technical and resource challenges, especially in the western United States. In principle, these 
problems can be overcome.

Carbon-Dioxide Production and Capture for Coal-to-Liquids

Baseline Carbon-Dioxide Emissions from Coal-to-Liquids Production

Many view the potentially high emissions of GHGs at the CTL plant site to be a barrier to the 
development of a CTL industry in the United States. The life-cycle GHG emissions of CTL 
production are approximately twice those of conventional fuels on a per-unit basis.5 In the 
absence of CCS, these emissions include CO2 produced during gasification and FT synthesis 
and fuel-combustion and other GHGs released, such as coal-mine methane. The CTL facilities 
in the FEED stage of development listed in Table 5.1 all propose to capture and store plant-
site CO2 emissions. In general, the amount of CO2 released at CTL plants would be approxi-
mately 0.8 tons/bbl of product (Bartis, Camm, and Ortiz, forthcoming). In our hypothetical 
CTL industry producing 1.7 million barrels/day in 2025, these plant-site emissions would be 
approximately 1.4 million tons of CO2/day.

Mixing Biomass and Coal to Reduce Coal-to-Liquids Carbon-Dioxide Emissions

There are two methods for reducing the CO2 emissions of CTL production: constructing an 
FT facility to accept a mixture of coal and biomass6 as a feedstock and employing CCS systems. 
Applied separately, each of these two approaches can bring life-cycle CO2 emissions to a level 
comparable to those of conventional petroleum. An integrated plant designed to accept both 
coal and biomass can lower life-cycle emissions of CO2. The use of biomass reduces the plant’s 
net CO2 emissions, taking into account the CO2 removed from the atmosphere in growing the 
biomass.7 This dual-fired approach can also offer improved plant operating characteristics over 

5 This estimate depends on several assumptions: The crude oil is light (35 degrees or more on the API gravity scale); refin-
ery efficiencies are 87 percent for low-sulfur diesel and 85.5 percent for reformulated gasoline; the CTL plants are those of 
SSEB (2005, cases 3 and 8), which are relatively inefficient; CH4 emissions from coal mining are consistent with estimates 
from emissions reported in EIA (2007e). These assumptions apply to a case in which CTL production without CCS is com-
pared with imported oil. It is also possible to compare CTL production with heavier crudes, which have greater life-cycle 
emissions of CO2 and would result in a lower range of values.
6 As defined by the U.S. Department of Energy (undated), “the term ‘biomass’ means any plant-derived organic matter 
available on a renewable basis, including dedicated energy crops and trees, agricultural food and feed crops, agricultural 
crop wastes and residues, wood wastes and residues, aquatic plants, animal wastes, municipal wastes, and other waste 
materials.”
7 GHG emissions of sustainably regenerated biomass are associated only with cultivation, harvesting, and delivery of the 
biomass to the plant. If an FT plant were to operate on a biomass feed alone, without employing systems for CCS, the life-
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relying just on biomass. The inclusion of coal offers a consistent feedstock supply that can bal-
ance fluctuations in the availability of biomass and enable economies of scale not available if 
the plant were supplied by biomass alone.

Several recent studies have investigated the characteristics of CBTL plants. Among 
others, Williams, Larson, and Jin (2006) investigated the cofiring of coal and biomass using 
feedstocks that require few or no agricultural inputs. These feedstocks are mixtures of peren-
nial grasses, legumes, and trees and have been shown to reconstitute soil carbon content as they 
produce harvestable biomass (Tilman, Hill, and Lehman, 2006). The additions to soil carbon 
would be another benefit of using these crops. The National Energy Technology Laboratory 
recently completed an engineering analysis of the use of corn stover, farmed poplar trees, and 
switchgrass with coal to produce liquid fuels (NETL, 2007d).

Several recent analyses have investigated the potential biomass resource that exists in 
the United States. A study from Oak Ridge National Laboratory (Perlack et al., 2005) esti-
mated that approximately 330 million dry tons per year of forest residue and thinnings, urban 
wood waste, and agricultural residue are available annually, assuming no changes in land use 
or increases in agricultural yields, and up to 1.4 billion tons annually with more-intensive 
collection efforts, increased yields, and land-use changes. This estimate is based solely on 
land availability and does not consider the cost of collecting and delivering biomass to sites 
where it would be used to produce electric power, useful chemicals, or liquid fuels. Assuming 
modest changes in agricultural yields and cultivation of energy crops on idle land, the National 
Renewable Energy Laboratory (Milbrandt, 2005) performed a similar analysis and estimated 
that 360 million dry tons per year of such biomass resources exist. Assuming that 700 million 
tons per year (half of the high Oak Ridge National Laboratory estimate) can be economically 
collected and delivered to liquid fuel–production facilities, biomass resources (without coal 
blended in) would be able, in principle, to support a fuel-production level of roughly 3 million 
bbl/d (Bartis, Camm, and Ortiz, forthcoming).8

Recent results, however, call into question the magnitude of potential CO2 reductions 
from biomass-derived fuels. When production of a biomass feedstock displaces active farm-
land, it induces land-use change to make up for the lost food production. When this land, 
such as tropical rain forest or grassland, contains a significant amount of stored carbon, that 
carbon is released when the land is prepared and tilled for planting. Fargione et al. (2008) and 
Searchinger et al. (2008) addressed this issue. As part of an analysis supporting the California 
renewable-fuel standard, Farrell and O’Hare (2008) have also considered the effect of land-use 
changes on CO2 emissions.9 All three of these reports concluded that the CO2 released when 
lands are switched from other uses to producing traditional biofuel crops can dominate the 
life-cycle emissions of those fuels for a considerable period (e.g., decades) after the land conver-
sion. It is also possible to run this process in reverse, growing crops specifically to store carbon 
in the soil (Tilman, Hill, and Lehman, 2006). Growing biomass on degraded land, however, 
can result in lower yields. Additional uncertainties exist regarding the appropriate methods 

cycle emissions would be only 10 to 15 percent of those associated with conventional petroleum-based fuels.
8 However, this would preclude the use of any of this nonagricultural biomass for lower-CO2 electricity production. 
Toman, Griffin, and Lempert (2008) analyzed this trade-off.
9 The California Air Resources Board (2008) maintains a Web site that contains all relevant documentation and analyses 
pertaining to the state’s low-carbon–fuel standard.
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for accounting for emissions of N2O resulting from fertilization (Crutzen et al., 2007) and the 
effects of alternative farming practices (Baker et al., 2007).

Carbon Capture for Coal-to-Liquids

CCS is the second option available to reduce the CO2 emissions from CTL production. If the 
plant-site emissions of a CTL facility can be successfully captured and stored, the life-cycle 
emissions from producing and using the FT fuels will be comparable to those of conven-
tional fuels. CO2 capture for CTL facilities is covered in detail in Bartis, Camm, and Ortiz 
(forthcoming).

The development of CTL capacity in the United States would result in a potentially 
large supply of CO2 for permanent storage. As discussed, 85 to 90 percent of plant-site CO2 
emissions are removed from process streams while preparing the syngas for FT synthesis. To 
prepare the CO2 for transport and storage requires only that the CO2 stream be dehydrated 
and compressed. These emissions may be captured at a low cost, at least relative to the costs of 
employing CCS in new coal-fired power plants (Bartis, Camm, and Ortiz, forthcoming). The 
remaining sources of CO2 emissions at a CTL plant are due to the combustion of fuel gases, 
which are used to produce electric power to support plant utilities. These fuel gases are pro-
duced as part of the distribution of hydrocarbons in FT synthesis and during product-upgrad-
ing steps that occur within the plant.10 For FT CTL plants, such as the one analyzed in the 
following section, emissions from fuel-gas combustion can represent between 10 and 20 per-
cent of the plant’s site CO2 emissions (Bartis, Camm, and Ortiz, forthcoming). For example, 
the type of CTL plant examined in this section captures 0.74 tons of CO2 per barrel of liquid 
fuels produced and emits 0.082 tons of CO2 per barrel of liquid fuels produced. Capturing 
emissions from fuel-gas combustion would be relatively expensive (Bartis, Camm, and Ortiz, 
forthcoming) and is not considered in the following analysis.

Potential Future Unit Production Costs for Coal-to-Liquids

In this section, we estimate the production costs of CTL in 2025. Our approach is to start with 
production-cost estimates for first-of-a-kind CTL facilities that could occur within the next 10 
years, based on the analysis in Bartis, Camm, and Ortiz (forthcoming). We then adjust those 
production costs for uncertainties in future capital costs and experience-based learning out to 
2025. We also calculate a CO2 balance for first-of-a-kind plants to determine the emissions of 
CO2 per unit of FT product. This allows us to evaluate the cost of the FT fuel including CO2-
emission costs. We consider ranges of cost estimates that are plausible given available informa-
tion regarding the technology status of and key inputs to CTL facilities. Given the consider-
able uncertainties in predicting production costs, the ranges should not be interpreted as upper 
and lower bounds.

With respect to production-cost uncertainties, prior RAND research (Merrow, 1989; 
Hess and Myers, 1988; Merrow, Phillips, and Myers, 1981; Myers and Arguden, 1984; Myers, 
Shangraw, et al., 1986) studied the phenomenon of cost growth and performance shortfalls in 
pioneer process plants. This research concluded, “Most of the variation found in cost-estimation 

10 The fuel gas consists of a mixture of nitrogen, H2, CO, and light hydrocarbons, such as CH4, propane, and butane 
(NETL, 2007c).
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error can be explained by (1) the extent to which the plant’s technology departs from that of 
prior plants, (2) the degree of definition of the project’s site and related characteristics, and 
(3) the complexity of the plant” (Merrow, Phillips, and Myers, 1981).11 When applying these 
general results to CTL, we observe the following:

The technology derives from an established base in IGCC and GTL.
Current plant designs incorporate little definition with respect to the site.

The phenomenon of cost growth is most prevalent in pioneer—i.e., first-of-a-kind—process 
plants. With a more mature CTL industry—albeit one in which there are still important 
opportunities for technological improvement—the key uncertainties in the construction of a 
new plant would be site-specific issues, such as the availability of process water, feedstock and 
product transportation, and environmental compliance. We deal with this possibility by pos-
tulating a larger contingency in the estimated capital cost, as discussed later. We also allow for 
potential declines in the future cost of CTL product due to experience-based learning.

We start with a characterization of a baseline first-of-a-kind facility that has a nomi-
nal capacity of 30,000 bbl/d of FT liquids; approximately two-thirds is FT diesel fuel and 
one-third is FT naphtha (see also SSEB, 2005, case 3). This is the plant considered in Bartis, 
Camm, and Ortiz (forthcoming). Those authors converted the production of naphtha to a 
price-equivalent production of FT diesel—diesel value equivalent (DVE)—to facilitate analysis 
and interpretation. Electricity is a required plant utility, and this plant also produces 204 MW 
for export. We assume that this electricity is exported as base-load power for a price of $0.05/
kilowatt-hour (kWh).

Table 5.2 summarizes the key aspects of the unit-cost analysis for this first-of-a-kind plant 
for both a base case and a high-cost case. The base and high-cost cases differ in the estimates 
of capital costs and fixed (nonfuel) operating costs. Capital costs include two basic catego-
ries: plant costs and start-up costs. Plant costs dominate in the calculations and include all 
site preparation; design and construction costs for the entire plant, including on-site product 
upgrading required to produce a finished diesel fuel and a naphtha product suitable for pipeline 
transport to a refinery; auxiliary systems required for pollution control and coal-ash disposal; 
and infrastructure required to obtain access to electric power, water, and coal and to transport 
the products that the plant creates. For CTL plants built in the West, plant costs could include 
substantial additional investments in infrastructure, such as roads, housing of construction 
workers, and water access. See Bartis, Camm, and Ortiz (forthcoming, Appendix A) for details 
of the financial analysis of the facility.

For both base and high-cost cases, we derive production costs with and without CCS 
capability. CCS cost estimates for CTL facilities also are drawn from Bartis, Camm, and Ortiz 
(forthcoming). According to Gray and White (2007), since CO2 capture is an integrated part 
of the plant processes, if the plant were to emit the captured CO2, there would be an addi-
tional 53 MW of electricity available for export. A plant emitting CO2 would also have no 
need for equipment capable of compressing the captured CO2 for transportation and storage. 
The capital costs for the no-CCS case presented in Table 5.2 have been adjusted to exclude

11 Merrow, Phillips, and Myers (1981) defined complexity as a count of all major process blocks.



48    Unconventional Fossil-Based Fuels: Economic and Environmental Trade-Offs

Table 5.2
Technical and Economic Parameters for a First-of-a-Kind Coal-to-Liquids Plant

Parameter

With CCS Capability Without CCS Capability

Base Case High-Cost Case Base Case High-Cost Case

Plant coal feed (tons/d of bituminous coal) 17,987 Same Same Same

Plant production capacity (bbl/d DVE) 32,502 Same Same Same

Plant capacity factor 0.9 Same Same Same

Economic life of facility (years) 30 Same Same Same

Plant capital costs, base values ($ billions) 3.31 4.05 3.12 3.82

Annual fixed operating costs ($ millions) 132 165 132 165

Variable operating costs ($/bbl DVE) 2.69 Same Same Same

Cost of coal ($/ton) 30 Same Same Same

Electricity for export (MW) 204 204 257 257

Sale price of exported electricity ($/kWh) 0.05 0.05 0.05 0.05

SOURCES: Bartis, Camm, and Ortiz (forthcoming); SSEB (2005, case 3).

NOTE: Figures are in 2007 dollars.

this equipment.12 The figures with CCS capability do not include the costs of transport and 
storage of the captured and compressed CO2. These costs are described later.

Table 5.3 presents production-cost components per gallon (gal.) of FT diesel produced. 
Total production costs in 2007 dollars range from $1.56/gal. in the base case without CCS to 
$2.00/gal. in the high-price case with CCS. The $0.11 to $0.13 per-gal. difference in produc-
tion cost between the with- and without-CCS cases are consistent with the estimates in Bartis, 
Camm, and Ortiz (forthcoming). To compare these estimates with those of oil sands presented 
in the previous chapter and with 2007 projections from EIA, we convert these figures to 2005 
dollars using the general gross domestic product (GDP) deflator, which is 1.064 (comparing 
first-quarter price indices) (BEA, 2008).

Carbon Dioxide–Management Cost for CTL

To determine the cost of CO2 capture, we draw on the analysis of Bartis, Camm, and Ortiz 
(forthcoming, Appendix B). We assume that 90 percent of the CO2 that would otherwise be 
emitted into the atmosphere is captured and compressed; this is the upper end of the range 
of potential capture rates discussed earlier. Additionally, Bartis, Camm, and Ortiz (forthcom-
ing) assumed that the FT naphtha produced at the plant would be upgraded to reformulated 
gasoline. The hypothetical facility analyzed in SSEB (2005, case 3) captures 7.7 million tons 
of CO2 annually.

Emissions of CO2 for SSEB (2005, case 3) are compared to emissions of CO2 from con-
ventional fuels. Table 5.4 (from Bartis, Camm, and Ortiz, forthcoming) lists life-cycle CO2 

12 Specifically, we exclude from the capital costs the CO2-capture component of capital costs from SSEB (2005, Appen-
dix D). This block includes some plant functions in addition to compressing the CO2, which induces a small amount of 
error in our estimate of production costs.
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emissions from conventional fuels and from the FT facility considered in this analysis. The 
emissions of

Table 5.3
Estimated Component Costs per Unit of Production from First-of-a-Kind Coal-to-Liquids Plants

Component of Product Cost

With CCS Capability Without CCS Capability

Base Case High-Cost Case Base Case High-Cost Case

Capital charge ($/gal. diesel) 1.09 1.35 1.03 1.27

Fixed operating cost ($/gal. diesel) 0.30 0.38 0.30 0.38

Variable operating cost ($/gal. diesel) 0.06 0.06 0.06 0.06

Coal ($/gal. diesel) 0.39 0.39 0.39 0.39

Electricity sales ($/gal. diesel) –0.18 –0.18 –0.23 –0.23

Total cost ($/gal. diesel) (2007 $) 1.67 2.00 1.56 1.87

Total cost ($/gal. diesel) (2005 $) 1.57 1.88 1.47 1.76

SOURCE: Bartis, Camm, and Ortiz (forthcoming).

NOTE: Figures are in 2007 dollars unless otherwise noted. Figures may not sum due to rounding. Costs of CO2 
transport and storage are not included in figures for CTL production with CCS capability.

Table 5.4
Comparison: Life-Cycle Greenhouse-Gas Emissions of Conventional Fuels and Synthetic Fuels from a 
Hypothetical Fischer-Tropsch Facility

Life-Cycle Step

Low-Sulfur 
Diesel 

(lb CO2e/
mmBtu)

Reformulated 
Gasoline 
(lb CO2e/
mmBtu)

Weighted 
Average 

Conventional 
(lb CO2e/
mmBtu)

CTL Without 
CCS (lb CO2e/

mmBtu)

CTL with CCS (lb CO2e/
mmBtu)

Electricity 
Credit

No Electricity 
Credit

Extraction and mining 12.5 12.7 12.5 37.8 37.8 37.8

Feedstock transportation 2.0 2.0 2.0 0.0 0.0 0.0

Refining and production 26.2 29.6 27.0 309.7 31.0 31.0

Credit for exported electricity 0.0 0.0 0.0 –55.5 –57.5 0.0

Product transportation 1.1 1.0 1.0 1.0 1.0 1.0

Product combustion 163.0 157.7 161.6 156.3 156.3 156.3

Total 204.7 203.0 204.2 449.4 168.7 226.2

CO2e emissions (tons/bbl 
product)

0.60 0.52 0.58 1.2 0.45 0.60

CO2 stored (tons/bbl product) 0.00 0.00 0.00 0.00 0.74 0.74

SOURCE: Bartis, Camm, and Ortiz (forthcoming).

NOTE: Emissions from refining for CTL production are based on SSEB (2005, case 3), which is a nominal 30,000-
bbl/d facility producing liquid fuels and electricity from bituminous coal. mmBtu = millions of British thermal 
units.

CO2 for oil recovery, coal mining, transportation of resources, and final products, are drawn 
from GREET model version 1.8a (Argonne National Laboratory, 1999). Several assumptions 
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are made to facilitate comparison. For cases without CCS, exported electricity is credited as if 
it were produced at an IGCC facility with a heat rate of 7,900 Btu/kWh. For cases with CCS, 
exported electricity is credited at the U.S. average heat rate, in 2005, of 10,400 Btu/kWh. For 
comparison, a case is provided in which no credit is given. Emissions from fuel transportation 
are assumed to be the same as in the conventional case. A weighted average of conventional 
fuels, based on 74-percent diesel and 26-percent reformulated gasoline by energy, is tabulated 
to facilitate comparison with the output of the FT facility.

Two additional components of CO2 management are transportation from the plant and 
storage in a geologic reservoir. We adopt a range of potential costs for transportation and stor-
age from IPCC (2005, Table 8.1).13

Potential Cost Declines from Learning

To assess possible reductions in production costs due to learning, we consider the possibil-
ity that base-case capital and fixed-operating-cost components for first-of-a-kind plants in 
Table 5.3 could decline 20 percent by 2025. We can justify this decline by assuming that these 
costs decline by 10 percent for each doubling of cumulative output, based on a potential tra-
jectory for cumulative production of CTL through 2025 in Bartis, Camm, and Ortiz (forth-
coming). This is the same construct used for oil sands in Chapter Four. We use the accelerated 
CCS demonstration case from Bartis, Camm, and Ortiz (forthcoming, Table 3.1), adjusting 
the total capacity downward to reflect our assumed 90-percent capacity factor.

In contrast, we can consider what could happen if the sector developed more slowly and 
learning was correspondingly slower. In that case, we would have cost figures much more akin 
to those shown in Table 5.3, which are based on no learning-based improvement. To construct 
our high-cost case for 2025, accordingly, we use the high-cost case in Table 5.3.

Table 5.5 provides the 2025 unit costs used in the next chapter to compare CTL with 
conventional petroleum fuels under different assumptions. The production costs with learn-
ing are derived by applying the assumed 20-percent cost savings to capital and fixed operating 
costs in Table 5.3. Table 5.5 also includes the additional costs for CO2 transport and storage 
in the CCS cases; the costs of storage and monitoring are the same as in Table 4.4 in Chapter 
Four.

Table 5.5
Alternative Coal-to-Liquids Unit Production Costs for 2025

Cost (2005 $/gal. diesel)

With CCS Without CCS

Base Case with 
Learning

High-Cost 
Case Without 

Learning
Base Case with 

Learning

High-Cost 
Case Without 

Learning

Estimated 2025 production cost 1.31 1.88 1.22 1.76

CO2 transportation and storage 0.07 0.35 0.00 0.00

Estimated 2025 production cost including CCS 1.38 2.23 1.22 1.76

SOURCE: Production cost is based on Table 5.3. CO2 transportation and storage costs are from Chapter Three.

13 We have used the range of costs for a 250-km pipeline at 7.3 Mtonne CO2/yr (8.0 Mton CO2/yr), which is approximately 
2002 US$1.70–3.00/tonne CO2, and converted these to 2005 US$/ton CO2 per the method in Chapter Four. This is based 
on a 33,000 bbl/d facility and storage requirements at 0.74 ton CO2/bbl FT liquids.
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CHAPTER SIX

Competitiveness of Unit Production Costs for Synthetic Crude Oil 
and Coal-to-Liquids

In this chapter, we describe how the unit costs of both SCO and CTL would compare to the 
prices of products derived from conventional crude under different assumptions about the pro-
duction costs of these unconventional fossil-based fuels and the cost of CO2 emissions. Since 
products derived from oil sands and CTL are being compared to conventional crude-oil prod-
ucts, we must also account for the uncertainty that surrounds future world oil prices and apply 
assumed costs of CO2 emissions to conventional fuels.

In this analysis, we look at a range of potential future oil prices in 2025 taken from the 
2007 AEO (EIA, 2007a). We focus particularly on the reference-case and high-oil-price sce-
narios, with the latter being of interest given concerns about the potential for persistently high 
oil prices. However, we also touch on the implications for SCO and CTL of lower oil prices, 
in the range of EIA’s low-oil-price scenario.

The ranges of unit costs for SCO and CTL reflect the analyses in Chapters Three through 
Five. We consider a range of possible costs of CO2 emissions. We also consider different poten-
tial future costs of CCS as applied to producing alternative fuels. All fuels, including those 
derived from conventional petroleum, are subject to a cost applied to the emissions from final 
fuel consumption as well as emissions from production (with or without CCS). Thus, we con-
sistently apply the CO2-emission cost on a full life-cycle basis to conventional petroleum as 
well as to the unconventional fossil-based fuels. The emission costs for SCO and fuels from 
CTL reflect the relative life-cycle CO2 intensity of these fuels.

The relative CO2-intensity assumptions underlying the different scenarios that we con-
sider for the unit-cost comparisons are summarized in Table 6.1. For oil sands, we use the 
ratio of life-cycle emissions of CO2 from SCO and conventional crude oil. For CTL, the ratio 
we use is that of life-cycle emissions of CO2 per unit of product  and a mixture of conven-
tional low-sulfur diesel and reformulated gasoline. To compare SCO directly with CTL would 
require including refinery losses involved in converting SCO to a comparable slate of diesel fuel 
and reformulated gasoline, which we do not undertake here.

Estimates of energy-security costs associated with conventional petroleum cover a wide 
range, representing many assumptions. A recent study by Leiby (2007), using a wide range of 
assumptions for oil-market conditions and macroeconomic vulnerabilities, concluded that the 
added social cost of one more barrel of oil imports and consumption was in a range of about 
$0.20 to more than $0.33/gal. These figures include the cost of oil exporters maintaining 
prices above competitive levels and expected macroeconomic costs from future oil-price spikes. 
When one deducts the macroeconomic vulnerability components, following the argument that 
these figures do not apply to a relatively small fuel substitution, as noted in Chapter Two, the



52    Unconventional Fossil-Based Fuels: Economic and Environmental Trade-Offs

Table 6.1
Comparison: Life-Cycle Greenhouse-Gas Emissions for Unconventional Fossil-
Based Products Relative to Conventional Low-Sulfur, Light Crude Oil

Technology

Ratio of GHG-Emission Intensity

Low High

Oil-sand (SCO to crude)

Mining, no CCS 1.13 1.22

Mining with CCS 0.98 0.99

SAGD, no CCS 1.19 1.26

SAGD with CCS 0.98 0.99

CTL (CTL fuel to conventional liquid fuel)

CTL, no CCS 2.2 NA

CTL with CCS 0.82 1.1

NOTE: Ranges for oil sands are based on observed variability of oil-sand production facilities, 
as reported in Chapter Four. Ranges for CTL are based on the per-unit-of-energy emissions 
of CO2 reported in Chapter Five. The conventional-petroleum baseline is a light crude oil. The 
conventional-fuel baseline is a mixture of low-sulfur diesel fuel and reformulated gasoline in 
the same proportions as produced by the CTL facility.

range declines to about $0.10–$0.20/gal., or roughly $4.20–$8.40/bbl.1 The study by Bartis, 
Camm, and Ortiz (forthcoming) of CTL calculates a range of benefits from $3.70–$18.30/
bbl of oil equivalent of alternative fuels under 2007 AEO reference-case assumptions and 
$5.50–$29.30/bbl for the 2007 AEO high-oil-price case. These figures assume 3 million bbl/d 
of U.S. CTL production. The upper ends of these ranges assume a less cohesive OPEC that 
has difficulty maintaining prices in the face of increased competition and a low elasticity of oil 
demand, so that increased competition can drive prices down more.

Oil Sands

For oil sands, we carried out analyses for both of the technologies discussed in Chapter Four—
surface mining and in situ production via SAGD. As discussed previously, the opportunities 
to apply CCS in the production of oil sands occur at points related to extracting and upgrad-
ing the bitumen to SCO (e.g., centralized heaters, power generation). Four sets of technology 
and cost assumptions are considered for each of the two production technologies, relative to 
a base-case set of anchoring parameters reflecting the analysis in Chapter Four: high and low 
cases for production prices and high and low cases for CO2 intensities and CCS costs.2 These 

1 Even lower numbers would apply if energy demand and non-OPEC supplies were more responsive than Leiby assumed, 
so the market power to be countervailed would be lower.
2 We also could have considered ranges of future natural-gas prices in this construction of assumption sets. As noted in 
Chapter Four, however, the economic sensitivity of SCO cost to natural-gas price is less than the capital-cost sensitivity. To 
help keep the comparisons that follow more manageable and easily interpreted, we hold the natural-gas price at the AEO 
2007 reference-case level across all scenarios.
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four assumption sets, summarized in Table 6.2, bound the range of technological possibilities 
that we consider.

Cost Comparison for Synthetic Crude Oil Produced by Integrated Mining and Upgrading

Figure 6.1 displays the results of our unit-cost comparisons for SCO produced by integrated 
mining and upgrading. The four colored upward-sloping lines identified in the legend repre-
sent the full unit costs of SCO with integrated mining and upgrading, corresponding to the 
four cases defined in Table 6.2. Each line represents the full unit cost for different values of 
the parametric CO2-emission cost. We also show two upward-sloping lines in the figure to 
represent the price of conventional crude under reference-case and high-price-case assump-
tions, including the corresponding CO2-emission cost. As noted previously, the emission cost 
is applied to the life-cycle emissions of CO2.

The orange region in the figure represents the range of production costs and the range 
of CO2 intensities of the technique for oil-sand production in the absence of CCS. The blue 
region represents the ranges of production costs and CO2 intensities, along with the range of 
different costs accompanying the use of CCS. The vertical distance between the two orange 
lines indicates the range of possible SCO costs for different assumed capital and operating 
costs and CO2 intensities without CCS, for any specified CO2-emission cost. This distance is 
relatively small for most of the CO2-emission costs shown in the figure, as one would expect of 
a relatively mature technology. A similar interpretation can be applied to the vertical distances 
between the blue lines. This distance is larger than the vertical distance without CCS, since 
the addition of a range of CCS costs amplifies the range of potential unit-production costs for 
SCO. It is useful to keep in mind, however, that our upper-bound assumption for CCS is fairly 
pessimistic (high cost).

Table 6.2
Oil-Sand Comparison Cases

Scenario Description and Assumptions

Unit Cost (2005 $/bbl SCO)

Method Cost

Current estimated costs Natural gas = 2005 US$6.05/mmBtu (EIA 
reference value for electric power in 2025 
[EIA, 2007a])

Capital and nongas operating costs = NEB 
2006 assumptions, as represented in 
Lacombe and Parsons (2007) 

Integrated mining 33.50

In situ 35.90

Low cost, low CO2 intensity, no CCS –20% estimated current capital costs
Low estimates of CO2 intensity 

Integrated mining 27.70

In situ 30.70

High cost, high CO2 intensity, no CCS Estimated current capital costs
High estimates of CO2 intensity

Integrated mining 33.50

In situ 35.90

Low cost with low-cost CCS and low 
CO2 intensity

–20% estimated current capital costs
Low estimates of CO2 intensity
Low cost estimates for CO2 capture

Integrated mining 30.60

In situ 35.10

High cost with high-cost CCS and high 
CO2 intensity

Estimated current capital costs
High estimates of CO2 intensity
High cost estimates for CO2 capture

Integrated mining 39.90

In situ 44.60

SOURCE: Table 4.6 in Chapter 4
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Figure 6.1
Estimated Unit Production Costs of Synthetic Crude Oil from Integrated Mining and 
Upgrading of Oil Sands, with and Without Carbon Capture and Storage, and of 
Conventional Crude Oil in 2025, Versus Different Costs of Carbon-Dioxide Emissions
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Because oil sands are approximately 20 percent more CO2-intensive than conventional 
crude oil without CCS, as the cost of CO2 emissions rises, the unit cost of SCO including 
the CO2-emission cost rises more quickly (along the orange lines) than the unit price of crude 
including its CO2-emission cost. Th e slope of the upper-bound line is greater than the slope of 
the lower-bound line because the upper line has a greater CO2 intensity.

With CCS, the full unit cost of SCO from integrated mining and upgrading is less sensi-
tive to the cost of CO2 emissions as a result of capturing most of the point-source emissions. 
Th is is indicated by the fl atter slopes of the lines bounding the blue region compared to those 
bounding the orange region. Again, the upper blue line has a steeper slope than the lower blue 
line to refl ect the greater CO2 intensity in the former case.

Figure 6.1 indicates that the technology of oil-sand mining with or without CCS appears 
to be very cost-competitive with conventional crude for a wide range of CO2-emission costs.3

In particular, it is very competitive given the 2007 AEO reference-case price of oil at $56/bbl 
in 2025. Th is suggests that SCO production will be cost-competitive unless longer-term oil 
prices fall back to levels well below those experienced over the past few years.4

3 In fact, even without CCS and under the high-capital-cost scenario (i.e., the upper line of the orange region), oil-sand 
production of SCO would be profi table up to emission costs of $240/ton CO2 (not shown in the fi gure). For other combina-
tions of oil prices and technology costs, the corresponding threshold for CO2-emission costs is well into the thousands of 
dollars/ton of CO2.
4 Even for an oil price as low as $35/bbl (the 2007 AEO low-price-case value for 2025), SCO integrated mining without 
CCS is cost-competitive if the CO2-emission cost is relatively low.
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We also can compare the boundaries of the orange and blue areas in Figure 6.1 to draw 
implications for the choice of adding CCS to integrated mining. In the case of low SCO-
production cost, low CCS cost, and low CO2 intensity of SCO production, compliance with 
a regulatory program resulting in paying a CO2-emission cost is more cost-effective for the 
producer than installing CCS if the CO2-emission cost is less than about $50/ton. The cor-
responding break-even CO2-emission cost with high costs and high CO2 intensity of SCO 
production is about $75/ton.

Now consider the decision of a developer of a future new oil-sand site regarding the 
installation of CCS with integrated mining. When the overall site investment must be planned 
and initial work undertaken, the developer will still face uncertainty about SCO-production 
cost and CCS costs, as well as the future CO2-emission cost. Committing to installation of 
CCS will lead to a higher cost of SCO if the CO2-emission cost is low to moderately large, 
especially in the high-cost case. Including CCS will also make the anticipated unit cost more 
uncertain. Figure 6.1 suggests that, even with high confidence that the cost of CCS will be 
low, this investment is not attractive for the producer unless there is also a strong expectation 
of high CO2-emission costs. However, installation of CCS would have only a limited effect on 
the cost-competitiveness of SCO relative to crude, given our cost assumptions and the AEO 
2007 prices.

Cost Comparison for Synthetic Crude Oil Produced by Steam-Assisted Gravity Drainage and 
Upgrading

Figure 6.2 presents the analysis for SAGD with upgrading, which is likely to be the source of 
incremental SCO supply with significant expansion of total output. This figure is read in the 
same way as Figure 6.1. SAGD with upgrading has slightly greater production costs than inte-
grated mining and upgrading. Nevertheless, SCO produced with this technology appears to 
be cost-competitive with conventional oil over a wide range of CO2-emission costs and crude-
oil prices.5 The break-even CO2-emission cost with and without CCS are about the same as in 
Figure 6.1, and a commitment to install CCS has the same effect of raising production costs 
and increasing their uncertainty for low to moderately high CO2-emission costs. Therefore, the 
economic benefit of adding CCS investment to SAGD is unclear.

Coal to Liquids

As with oil sands, we develop four sets of assumptions that bound the range of possibilities we 
consider. These are shown in Table 6.3. We consider base and high-cost cases for the produc-
tion technology, including different assumptions about cost reduction through learning. Each 
cost option is considered with and without CCS. The two assumption sets with CCS also 
incorporate high or low CCS costs and intensities. We use the CO2-emission intensity derived 
in Bartis, Camm, and Ortiz (forthcoming, Appendix B) and reported in Table 5.4 in Chap-
ter Five of this report as the basis for comparison. We weight the CTL product outputs on an 
energy basis to develop a composite measure of CTL output. In particular, the output of liquid 
fuels from our base CTL plant, on an energy basis, is assumed to be 74 percent FT diesel and

5 Without CCS, the full unit cost of SCO is lower than the full unit cost of conventional oil up to a $180/ton CO2 emis-
sion cost, not shown in the figure.
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Figure 6.2
Estimated Unit Costs of Synthetic Crude Oil from Steam-Assisted Gravity Drainage 
with Upgrading of Oil Sands, with and Without Carbon Capture and Storage, and of 
Conventional Crude Oil in 2025, Versus Different Costs of Carbon-Dioxide Emissions
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Table 6.3
Coal-to-Liquids Comparison Cases

Scenario Description and Assumptions
Unit Cost

(2005 $/gal. diesel)

Base-case production cost; learning; 
low CO2 intensity; no CCS

Current costs based on SSEB (2005, case 3); 10% cost 
reduction for each doubling of production; CO2 credit 
for exported electricity production; CO2 vented to 
atmosphere

1.22

High cost; no learning; high CO2 
intensity; no CCS

125% of base capital and operating costs; no cost 
reduction; no CO2 credit for exported electricity 
production; CO2 vented to atmosphere

1.76

Base-case production cost; learning; 
low CO2 intensity; low-cost CCS 

Current costs based on SSEB (2005, case 3); 10% cost 
reduction for each doubling of production; CO2 credit 
for exported electricity production; 90% of plant-site 
CO2 emissions captured and stored at low-cost estimate 
from IPCC (2005)

1.38

High production cost, no learning, 
high CO2 intensity, high-cost CCS 

125% of base capital and operating costs; no cost 
reduction; no CO2 credit for exported electricity 
production; 90% of plant-site CO2 emissions captured 
and stored at high-cost estimate from IPCC (2005)

2.23

SOURCE: Table 5.5 in Chapter Five.



Competitiveness of Unit Production Costs for Synthetic Crude Oil and Coal-to-Liquids    57

Figure 6.3
Estimated Unit Production Costs of Fischer-Tropsch Diesel from Coal, with and Without 
Carbon Capture and Storage, and of Diesel in 2025, Versus Different Costs of Carbon-
Dioxide Emissions

RAND TR580-6.3
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26 percent reformulated gasoline. We compare the life-cycle CO2 emissions of the same mix of 
conventionally produced diesel and reformulated gasoline.

Th e results for our CTL analysis appear in Figure 6.3. Th e red and green lines show the 
full unit costs of CTL products with and without CCS for the diff erent cost and CO2-intensity 
assumptions, given diff erent CO2-emission costs. Th e 2007 AEO reference and high-oil-price 
cases for conventional fuels (here represented by the corresponding costs for diesel fuel) are also 
shown. All lines slope upward with an increase in the CO2-emission cost. Th e lines for CTL 
without CCS slope upward more steeply than the lines for CTL with CCS and more steeply 
than the lines for conventional fuels (refl ecting the greater CO2 intensity of CTL without 
CCS). Because of the high effi  ciency of CO2 capture in CTL production, the green lines (CTL 
with CCS) are almost parallel to the lines for conventional products (for each of these lines, 
the upward slope refl ects mainly end-use emissions). Due to the additional cost uncertainties 
for transporting and storing CO2, the range of costs with CCS is larger than the case in which 
the CO2 is emitted and the CO2-emission cost is paid.

With a CO2-emission cost of zero and without CCS, CTL cost ranges from $1.22 to 
$1.76/gal. Th is can be compared to the 2007 AEO reference-case price in 2025 for conven-
tional diesel, which is $1.74/gal. CTL thus appears to be relatively cost-competitive with con-
ventional fuel under the assumptions indicated, though the degree of competitiveness is less 
than for oil sands and more sensitive to the possibility of high CTL-production costs and long-
term oil prices below the EIA 2007 reference-case level. With CCS, the comparable range for 
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CTL is $1.38 to $2.23/gal. This range overlaps the EIA reference-case price for conventional 
diesel, but it is somewhat below the high-oil-price case diesel price of $2.51/gal. in 2025. Thus, 
while CTL is cost-competitive with conventional fuel at prices at or above the EIA high-oil-
price case, it may not be cost-competitive for oil prices at or even somewhat above the reference 
case if CTL and CCS costs are high.

At a low cost of CO2 emissions, there is a cost advantage to emitting the CO2 to the 
atmosphere rather than compressing, transporting, and disposing of it.6 However, because 
CTL fuels produced at plants without CCS have approximately twice the CO2 emissions as 
petroleum-based fuels on a full-life-cycle basis, the unit cost of CTL when emitting the process 
CO2 grows quickly as the CO2-emission cost rises. With low CTL and CCS technology costs, 
applying CCS is more cost-effective for the producer than paying the CO2-emission cost, even 
if that cost is as low as $10/ton CO2. Moreover, in this situation, the low-cost CTL with CCS is 
cost-competitive with conventional fuels, given oil prices at or even somewhat below the 2007 
EIA reference-case price.

With high costs for CTL and CCS, in comparison, CO2-emission costs above about 
$30/ton will make investment in CCS more cost-effective than paying the CO2-emission cost. 
With an emission cost this large, however, Figure 6.3 shows that the oil price would have to be 
above the EIA 2007 reference-case level for CTL with CCS to be cost-competitive with con-
ventional fuels. CTL with CCS would be competitive with oil prices at or somewhat below the 
2007 EIA high-price case.

Incorporating Energy-Security Costs

We noted at the start of this chapter that there is a considerable range of possible monetary 
benefits from expanding alternative-fuel supply in order to lower world oil prices. For EIA’s 
reference-case oil price, we can look at a range of $4–$18/bbl. The upper end of this range 
reflects very optimistic assumptions (from the buyer’s perspective) about the ability to over-
come OPEC efforts to maintain above-competitive oil prices. The corresponding range with 
the high-cost-case EIA oil price is $6–$30/bbl. We can represent this energy-security premium 
on conventional oil in Figures 6.1–6.3 by considering upward shifts in the lines for conven-
tional petroleum by the amounts just referenced. This incorporates an energy-security cost in 
the price of conventional fuel, just as we have incorporated the CO2-emission costs in the full 
cost of the alternative fuels.

For oil sands, incorporating an energy-security premium into the cost of conven-
tional petroleum does nothing to change the basic conclusion that SCO is already highly 
cost-competitive with conventional crude.7 The implications for CTL in Figure 6.3 are some-
what more complicated. Relative to the EIA reference-case oil price in 2025, the range of the 
energy-security premium mentioned above is about $0.10–$0.45/gal. This premium improves 

6 Consistent with the discussion in Chapters Three and Five, we are assuming that there are not retail-market sale oppor-
tunities for all the additional CO2 generated.
7 One might want to argue that this premium should not apply to “friendly and reliable” conventional-oil imports from 
Canada. However, in a uniform global oil market, all oil suppliers benefit from the efforts by a subset of large producers to 
maintain above-competitive prices, and there is no way to shelter friendly suppliers from the impacts that alternative fuels 
would have on world oil prices.
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the economics of CTL without CCS in the lower range of possible CO2-emission costs. It also 
expands the range of possible CTL and CCS costs over which CTL with CCS would be eco-
nomical. For the EIA high-oil-price case, the premium range is about $0.15–0.70/gal. Adding 
this premium to the already higher cost of conventional fuel would only strengthen the cost-
competitiveness of CTL.
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CHAPTER SEVEN

Conclusions

In this final chapter, we first provide a synthesis of our analysis of the key influences on the 
cost-competitiveness of SCO and CTL relative to conventional petroleum. We then turn to 
broader conclusions and implications of the analysis.

Synthesis of the Cost-Competitiveness Analysis

Tables 7.1 and 7.2 show some of the key information from Figures 6.1 through 6.3 in Chapter 
Six. Table 7.1 identifies the highest cost of CO2 emissions at which either SCO or CTL without 
CCS is cost-competitive with conventional petroleum, given different assumptions about oil 
prices (EIA’s reference and high-price cases) and technology costs (base and high-price cases as 
presented in Chapters Four and Five). A key message from this comparison is that, although 
it is somewhat more CO2-intensive than conventional petroleum, SCO has a cost advantage 
over conventional petroleum at a wide range of CO2 prices. Only at prices that seem very high 
relative to what could be expected from actual CO2-mitigation policies does the cost competi-
tion turn against SCO.

For CTL, in contrast, the degree of cost-competitiveness is more sensitive to the price of 
oil and the CO2-emission cost. If CTL-production costs without CCS are well above our base-
case assumptions, it will be cost-competitive only if oil prices are above the EIA reference-case 
price and if the cost of CO2 emissions is not too high. This shows that, without CCS, CTL 
cost-competitiveness is vulnerable to CO2 prices as well as to oil prices. With lower CTL costs, 
CTL is more competitive, though a CO2-emission cost above $30/ton and a return to more 
moderate longer-term oil prices would still cast a shadow over its competitiveness.

Table 7.2 focuses on how sensitive the alternatives with CCS are to changes in oil prices. 
With CCS, the relative cost of the alternatives and conventional petroleum are not very sensi-
tive to the CO2-emission cost, with one partial exception noted.

In Table 7.2, the second column shows the oil price below which the alternative is never 
competitive, even if production costs are low and there is no CO2-emission cost. The entries 
for SCO indicate the robustness of its cost-competitiveness to crude-oil prices; only quite low 
long-term oil prices would lead to conventional oil being more cost-competitive. Again, since 
the CO2 intensities of SCO and conventional oil do not differ much, these results are essen-
tially independent of the assumed cost of CO2 emissions.

The results for CTL in Table 7.2 show first that the threshold price above which oil must 
remain for CTL with CCS to be competitive is higher than for SCO. Moreover, if the costs of
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Table 7.1
Influence of Carbon Dioxide–Emission Costs on the Competitiveness of Unconventional Fuels 
Compared to Conventional Petroleum, No Carbon Capture and Storage

Technology 
Cost 

Scenario

Maximum CO2-Emission Cost for Unconventional Fuel to Be Competitive 
($/ton CO2)

AEO 2007 Reference Case: 
$56/bbl crude, $1.74/gal diesel

AEO 2007 High-Oil-Price Case: 
$94/bbl crude, $2.51/gal diesel

SCO, integrated mining Low 490 1,140

High 240 630

SCO, in situ + upgrading Low 310 770

High 170 500

CTL Base case 33 81

High 0 47

Table 7.2
Sensitivity of Competitiveness of Unconventional Fuels with Carbon Capture and Storage to Crude-
Oil Price

Technology

Price of Crude Oil Below Which Even Low-
Cost Technology Is Never Economical 

($/bbl)

Price of Crude Oil Above Which High-Cost 
Technology Can Be Economical 

($/bbl)

SCO, integrated mining 31 40

SCO, in situ + upgrading 35 45

CTL 45 72

NOTE: To compare the production cost of FT diesel to petroleum, we assume that diesel sells for a 30-percent 
premium over that of low-sulfur, light crude oil, which is consistent with the assumption in Bartis, Camm, and 
Ortiz (forthcoming).

CTL with CCS are higher than our base case, then (as shown in Figure 6.3 in Chapter Six), 
the minimum oil price for CTL with CCS to be cost-competitive is higher as well.

Table 7.2 indicates that, with an oil price at or above $72/bbl, high-cost CTL plus CCS 
can be cost-competitive. At prices only slightly above $72/bbl, however, CTL with CCS will 
be competitive only with a very low CO2-emission cost or success in getting CTL with CCS 
costs lower than our high-cost case.

Broader Conclusions and Implications

Even with future policy constraints on CO2 emissions and their associated costs, SCO seems 
likely to be economically competitive with conventional petroleum unless future oil prices 
are relatively low. The main constraint on SCO appears to be its local and regional envi-
ronmental impacts. We find that production of SCO from oil sands is likely to be cost-com-
petitive with crude oil across a wide range of future oil prices and CO2-emission costs. It is 
cost-competitive in particular if long-term future oil prices are at or above EIA’s reference-case 
price projection and even for somewhat lower future oil prices. It is only about 15–20-percent 
more carbon-intensive on a life-cycle basis than conventional petroleum even without CCS. 
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Therefore, its competitiveness is not very sensitive to CO2-emission costs.1 Our calculations 
indicate relatively limited economic incentive to add CCS to SCO production unless future 
CO2-emission costs are expected to be very high or CCS costs for oil-sand production are quite 
low.2 The major factor potentially limiting the future growth of SCO production, at least in 
the absence of very stringent CO2 limits, is likely to be the future availability of water as a key 
input and the environmental consequences of water use.

The economic competitiveness of coal-to-liquids is more dependent on future oil prices, 
carbon dioxide–sequestration costs, and the stringency of future carbon-dioxide limita-
tions. CTL also has significant potential to be cost-competitive with conventional fuels over 
the longer term, but this depends on one of two distinct conditions being satisfied. The first 
condition is that either the future cost of CO2 emissions or the cost of CCS is low. In that case, 
greater costs associated with mitigating or paying for CO2 emissions do not offset CTL’s poten-
tial cost advantage over conventional fuels. The second condition is that the price of crude oil 
in the longer term is significantly above EIA’s 2007 reference level. This would make invest-
ment in CTL with CCS attractive.

Higher oil prices or significant energy-security premiums increase the economic desir-
ability of synthetic crude oil and coal-to-liquids. If longer-term oil prices are high or future 
energy-security policy attaches a high premium to the market price of oil to account for energy-
security costs, investment in both SCO and CTL production will be correspondingly more 
favorable. In particular, the magnitude of the CO2-emission cost over which CTL without 
CCS is still economically attractive relative to conventional diesel will increase, and the eco-
nomics of CTL with CCS can look attractive relative to conventional petroleum even if CCS 
turns out to be more costly. On the other hand, if oil prices end up being relatively low over 
the longer term, then CTL is less competitive than petroleum, even with a low CO2-emission 
cost.

Unconventional fossil fuels do not, in themselves, offer a path to greatly reduced 
carbon-dioxide emissions, though there are additional possibilities for limiting emissions. 
Our analysis indicates that both CTL and SCO appear to offer economically competitive alter-
natives to conventional crude oil over a range of plausible future assumptions about oil prices 
and CCS costs. This means that they can be especially attractive opportunities for addressing 
the longer-term aspects of energy security—specifically, large wealth transfers resulting from 
uncompetitive oil pricing by foreign suppliers. Yet, even if successful on a large scale, applying 
CCS to producing CTL and SCO would still leave unaddressed the CO2 emissions from final 
combustion of the fuels. Investments in expanding SCO or CTL do not, in themselves, offer 
a path toward the very large reductions in long-term CO2 emissions from use of liquid fuels 
that would be needed to stabilize atmospheric concentrations of CO2, a major consideration for 
those concerned with the long-term threats of climate change. Aside from some hypothetical 
future breakthrough in end-use capture and storage of CO2 emissions, the path toward very 
low transportation-sector emissions is often seen to involve biofuels or very advanced electric-
vehicle technologies. Another option, however, could be using CBTL and CCS in liquefaction 
plants (Bartis, Camm, and Ortiz, forthcoming). This possibility could make some CTL invest-

1 We noted also the sensitivity of SCO costs to natural-gas prices, but that sensitivity is not so large and high natural-gas 
prices would often be associated with high crude-oil prices.
2 One example of how this might be achieved is through a successful ICO2N project in Alberta that provides low-cost 
access to CO2 transportation and storage.
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ment that is at least CCS ready an attractive option for expanding alternative fuels while main-
taining options for significantly lower future CO2 emissions—though several hurdles would 
need to be overcome in providing adequate and affordable biomass feedstock and in large-scale 
implementation of CCS. Initially, new CTL facilities with CCS may be able to avail them-
selves of a market for their CO2 via increases in its use for EOR. However, it seems likely that, 
at a production level of several million barrels of CTL fuels per day, the EOR market would 
be saturated, and additional CO2 emissions would entail bearing either the added costs of CO2 
storage or the costs of other CO2-mitigation and -offset measures.

Relationships among the uncertainties surrounding oil prices, energy security, seques-
tration costs, and carbon dioxide–control stringency have important policy and investment 
implications for coal-to-liquids. Our analysis indicates that adding CCS to CTL is a good 
hedge against the cost of future CO2 limitations if CCS can be realized on an adequately 
large scale, if CTL and CCS costs are in the lower part of the range of costs we have consid-
ered, and if future oil prices do not fall well below reference levels. If CTL and CCS costs are 
higher, however, the value to the CTL supplier of adding CCS to hedge against a high cost of 
future CO2 controls is positive only with higher long-term oil prices. From a societal perspec-
tive, it is desirable to reduce the need for bearing higher long-term costs of more-aggressive 
and -costly CO2-emission reductions. On the other hand, nearer-term concerns about energy 
security could lead to a situation in which there is a desire to keep nearer-term CO2 limitations 
relatively modest while putting more emphasis on significant CTL investments even if they 
were made without incorporating CCS.

Neither CTL investors nor policymakers have many options for reducing long-term oil-
price uncertainty. Moreover, there is a risk to the economic value of CTL investment just from 
the possibility of relatively low long-term prices. On the other hand, policymakers do have 
options for reducing the uncertainties surrounding CTL and CCS costs. There is a large social 
benefit from government financing for both continued R&D for CCS and initial CCS-test 
investments at a commercial operating scale to further assess the technical and economic char-
acteristics of CCS. This analysis parallels the argument in Bartis, Camm, and Ortiz (forthcom-
ing), who recommended active but limited public support for informative initial-scale CTL 
facilities. Conversely, it may be very beneficial socially to delay a significant ramp-up in CTL 
production until the uncertainties surrounding CCS technology and CTL-production costs 
can be reduced. These observations reflect the importance of the argument of the National 
Commission on Energy Policy (2004) for a broad portfolio of technology-development initia-
tives, as well as a variety of policy instruments, to promote energy diversity and decarboniza-
tion of fuel sources.
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